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Summary 

Natural gas production from shales has become exceedingly important 
in satisfying the ever-growing global energy demands. This 
unconventional hydrocarbon system is globally abundant, with large 
technically recoverable resources reported in China (1115 tcf), Argentina 
(802 tcf), US (665 tcf) and Canada (573 tcf). Commercial exploitation of 
shale resources has led to a shale energy revolution in the last decade. 
Successful implementation of large-scale horizontal drilling and 
hydraulic fracturing techniques made this possible and is attributed to 
collaborative efforts by the natural gas industry (notably Mitchell 
Energy) and the U.S. Department of Energy (DOE) from the 1980s. 

A typical gas shale system is a blend of organic-rich deposition and 
complex mineralogy that forms a fine-grained clastic sedimentary rock 
with a unique geological framework where the shale independently 
exists as source, trap and reservoir. Low intrinsic matrix permeability 
(e.g. 0.1 µD for Huron shales) coupled with structural heterogeneity and 
complex pore networks complicates fluid transport and storage within 
the formation and poses tremendous challenges to technical evaluation 
and effective development. Technological advances in hydraulic 
stimulation of shale reservoirs have caused a fundamental shift to the 
exploration-and-production industry. These unconventional reservoirs 
typically have extremely low matrix permeability (10 to 100 nD) and 
exhibit gas stored both in free and adsorbed form. Gas flows from the 
nanopores in the matrix to the hydraulic fractures and then to the 
horizontal wells. This transport of gas comprises several flow 
mechanisms as investigated by a large number of scientists and engineers 
over many years.  

The first part of the project deals with numerical modelling of shale gas 
production. Paper I and Paper II presents a mathematical 1D+1D model 
which involves a high-permeable fracture extending from a well 
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perforation, through symmetrically surrounding shale matrix with low 
permeability. Gas in the matrix occurs in the form of adsorbed material 
attached to kerogen (modeled by a Langmuir isotherm) and as free gas 
in the nano-pores. The pressure gradient towards the fracture and well 
perforation causes the free gas to flow. With pressure depletion, gas 
desorbs out of the kerogen into the pore space and then flows to the 
fracture. When the pressure has stabilized, desorption and production 
stop. The production of shale gas and mass distributions indicate the 
efficiency of species transfer between fracture and matrix. The model is 
then scaled, and production is characterized by applying input 
parameters from experimental and field data in the literature. Properties 
of fracture and matrix are varied systematically to understand the role of 
the fracture matrix interaction during production. Paper I investigate the 
main controlling factors during continuum flow regime in shale gas 
production in the context where well-induced fractures, extending from 
the well perforations, improve reservoir conductivity and performance. 
While Paper II focuses on the transition in non-Darcy flow regimes near 
fracture-matrix interfaces using mathematical modelling. Especially, we 
investigate conditions at which these effects vanish, and Darcy flow 
assumptions become reasonable. Investigated Non-Darcy mechanisms 
include apparent permeability, Knudsen diffusion, gas desorption and 
Forchheimer flow. 

Paper I showed that the production behavior can be scaled and described 
according to the magnitude of two characteristic dimensionless numbers: 
the ratio of diffusion time scales in shale and fracture 𝛼, and the pore 
volume ratio between the shale and fracture domains 𝛽. The product 𝛼𝛽 
expresses how much time it takes to diffuse the gas in place through the 
fracture to the well compared to the time it takes to diffuse that gas from 
the matrix to the fracture. For 𝛼𝛽 ≪ 1 the residence time in the fracture 
is of negligible importance and fracture properties such as shape, width 
and permeability can be ignored. However, if 𝛼𝛽 ≈ 1 the residence time 
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in the fracture becomes important and variations in all those properties 
have significant effects on the solution. 

Scaling the model in Paper II showed that recovery of gas depends on 
two dimensionless number that incorporates geometry relations, time 
scales of flow, intrinsic parameters of the porous media, non-Darcy 
constants, adsorption and boundary conditions. The dimensionless 
numbers define respectively if 1) the fracture or matrix limit the gas 
production rate 2) if non-Darcy flow is significant in the fracture or 
matrix. When one of the media limit production, the non-Darcy flow in 
the other medium has reduced importance and can be excluded from the 
model. Non-Darcy flow is important if it limits flow in the medium 
limiting the production. By checking the magnitude of the selected 
dimensionless numbers, the modelling approach can be determined in 
advance and significant computational time can be saved. 

The second part of the project (Paper III and Paper IV) deals with CO2 
injection in shale gas reservoirs for enhanced recovery. Although current 
technological advancements in horizontal drilling and fluid fracturing 
have contributed to primary production, only 5 – 10 % of the original gas 
in place (OGIP) is estimated to be recovered economically leaving a high 
potential for enhanced recovery methods. The gas stored by sorption in 
the shale matrix is estimated to account for 20 – 80 % of the total gas 
fraction. Desorption is triggered by pressure reduction and/or presence 
of a favorably adsorbing gas. Experimental studies have demonstrated 
that shale kerogen/organic matter has higher affinity for CO2 than 
methane, CH4, which opens possibilities for carbon storage and new 
production strategies.  

Paper III presents a new multicomponent adsorption isotherm which is 
coupled with a flow model for evaluation of injection-production 
scenarios. The isotherm is based on the assumption that different gas 
species compete for adsorbing on a limited specific surface area. Rather 
than assuming a capacity of a fixed number of sites or moles this finite 
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surface area is filled with species taking different amount of space per 
mole. The final form is a generalized multicomponent Langmuir 
isotherm. Experimental adsorption data for CO2 and CH4 on Marcellus 
shale are matched with the proposed isotherm using relevant fitting 
parameters. The isotherm is first applied in static examples to calculate 
gas in place reserves, recovery factors and enhanced gas recovery 
potential based on contributions from free gas and adsorbed gas 
components. The isotherm is further coupled with a dynamic flow model 
with application to CO2-CH4 substitution for CO2-ESGR, assuming only 
gas phase exists in the system. The paper presents the feasibility and 
effectiveness of CO2 injection in tight shale formations in an injection-
production setting representative of lab and field implementation and 
compare with regular pressure depletion.  

Paper IV reviews the state of research on CH4 and CO2 sorption in shale. 
It presents the interaction of CO2 and CH4 with shale rocks and discuss 
the dependence of gas sorption on shale properties including organic 
matter content, kerogen type, mineralogy, moisture and temperature as 
well as shale selectivity for either species. Dynamic CO2-CH4 exchange 
studies are also summarized together with the geochemical and 
mechanical impact of gas sorption in shales. We note that most 
experimental work is still performed on crushed samples rather than 
whole cores. Also, CO2 is preferentially adsorbed over CH4 when both 
species co-exist in shale. Both gases are in supercritical state at typical 
reservoir conditions. Especially CO2 adsorption is not well described by 
standard isotherm models in this state. 
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Abbreviations and Symbols 

Roman: 
𝑎௜ = Adsorbed component, mol / m3 rock 
𝑎ො௜ = Adsorbed component, Pa 
𝐴 = Specific surface area, m2 / m3 rock 

𝐴௜  = 
Adsorbed specific surface area by component, m2 / 
m3 rock 

𝑎௚ = Adsorbed gas, kg/m3 
𝑎௠௔௫ = Max capacity adsorbed gas, kg/m3 

𝑎ො௚ = Adsorbed gas, Pa 
𝑎ො௠௔௫ = Max capacity adsorbed gas, Pa 

𝑏 = Fracture half-width, m 
𝑏଴ = Average fracture half-width, m 

𝑏௠௔௫ = Max half width (at well), m 
𝑏௠௜௡ = Min half width (end of fracture), m 

𝑏௚ = 
Inverse gas volume factor, m3 gas at standard 
conditions / m3 gas at reservoir conditions 

𝑏௚
ᇱ  = 

Inverse gas volume factor differentiated with respect 
to total pressure, Pa-1 

𝐵௜ = Coefficient to relate 𝑎ො௜ and 𝐴௜ , Pa m3 rock / m2 
𝐶௜ = Component molar concentration, mol / m3 gas 
𝐷௜  = Diffusion coefficient, m2/s 
𝐶ఉ =  Non-Darcy flow constant, m-2.5 
𝑓 = Transition factor, - 
ℎ = Fracture height, m 
𝐾 = Absolute permeability, m2 

𝑘, 𝐾௔  = Apparent permeability, m2 
𝑘௙ = Fracture permeability, m2 
𝐾௡ = Knudsen number, - 
𝐿 = System length, m 

𝐿௫ =  Matrix half-length, m 
𝐿௬ = Fracture length, m 
𝑀 = Gas molecular weight, g/mol 
𝑀௜ = Conservation variable for each component, Pa 

𝑀௪,௜ = Molar weight gas component, kg / mol 
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𝑀௪,௚ = Molar weight gas, kg / mol 

𝑛௜ = 
Ratio of moles of component adsorbed in multilayer 
mode to monolayer mode, dimensionless 

𝑁௜ = # moles of component, mol 
𝑁௧ = # moles of gas, mol 
𝑃௜ = Partial pressure of component, Pa 
𝑃௧ =  Total pressure, Pa 
𝑝௚ = Gas pressure, Pa 
𝑝௅ = Langmuir half capacity pressure, Pa 
𝑅 = Gas constant, J/mol 

𝑟, 𝑟௘ =  Pore radius, nm 
𝑅𝐹 = Methane recovery factor, dimensionless 

𝑆௠,௜ = 
Moles that adsorb per area during monolayer 
adsorption at full capacity, mol / m2 

T = Temperature, K 
𝑢 = Gas flux, m/s 
𝑉௚ = Gas volume, m3 
V = Volume, m3 

𝑊௜ = 
Adsorbed mass of component per volume dry rock, 
kg / m3 rock 

𝑥 = Spatial coordinate, m 
𝑥௜ = Mole fraction, dimensionless 
Z = Gas compressibility factor, - 

 
Greek: 

𝛼௄ = Rarefraction parameter, - 
𝛾 = Forchheimer’s constant, - 

𝜇௚ = Gas viscosity, Pa s 
𝜌௚ = Gas molar density, mol/m3 gas 

𝜌௚,௦௖ = Surface gas molar density, mol/m3 gas 
𝜏 = Tortuosity, - 

𝜙௠ = Matrix Porosity, - 
𝜙௙ = Fracture porosity, - 

 
Indices: 

atm = Atmospheric conditions 
base = Under pressure depletion condition 



 

xiii 

c = Carbon dioxide CO2 
f = Fracture 
i = Component;  

init = Initial conditions 
inj = Under CO2 injection conditions 
m = Methane CH4 
sc = Surface conditions 

well = Well conditions 
 
Abbreviations: 

EOR = Enhanced oil recovery 
ESGR =  Enhance shale gas recovery 
GOIP = Gas originally in place, kg 
GCIP = Gas currently in place, kg 
NFR = Naturally fractured reservoir 
TOC =  Total organic content 
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 Introduction 

Shale gas is the most rapidly growing energy resource in the United 
States in recent years. This unconventional resource is stored densely 
packed into the shale matrix through adsorption, in addition to occurring 
as free gas in the pores, which increases the storativity of gas. Gas 
production from these low permeable deposits is made possible by 
drilling horizontal wells and hydraulically fracturing the reservoir to 
establish high permeable fractures that improve well productivity. In 
spite of technological advancements, there is little understanding in 
mechanisms for shale gas production and predictions have proved to be 
very pessimistic and inaccurate. Shale formations, which in the past were 
considered only as potential source rocks, are today being actively 
pursued as potential reservoirs. The success of the Barnett Shale of 
central Texas, USA, initiated the recent interest in developing shale as 
producing reservoirs. This fundamental shift has attracted many 
companies and brought a revolution in the E&P industry, which was 
evident from the decline in crude oil prices in 2014-2015.  

When considering unconventional resource plays, the focus is on finding 
organic shales (Alexander et al. 2011). Shale gas reservoirs differ from 
the conventional gas reservoirs by two important characteristics. Firstly, 
they have extremely low matrix permeability, typically 10 to 100 
nanodarcies (10-6 mD) (Cipolla et al. 2010). Secondly, in some instances 
they contain organic-rich rocks where gas is adsorbed on the surface of 
matrix pores (Arogundade and Sohrabi 2012; Hill and Nelson 2000). The 
amount of adsorbed gas can vary between 5-80% of total gas-in-place 
volumes (Curtis 2002). The amount of gas in place is strongly affected 
by the total organic carbon content, clays and the adsorption ability of 
methane on the internal surface of the solid (Martin et al. 2010). Gas 
shale consists of a solid matrix and fractures that contribute to the natural 
permeability pathway for gas flow.  



Introduction 

2 

Production from these reservoirs requires stimulation by drilling long 
horizontal wells with multistage hydraulic fracture treatments to create 
extensive artificial fracture networks near the wellbore. The stimulation 
effectiveness is often measured in terms of Stimulated Reservoir Volume 
SRV (Mayerhofer et al. 2010). Gas flows from the nanopores in the 
matrix to the hydraulic fractures and then to the horizontal well. This 
transport phenomenon is a combination of several flow mechanisms 
investigated by several scientists over the past couple of decades (Beskok 
and Karniadakis 1999; Bird 2002; Civan 2010; Civan et al. 2011; 
Javadpour 2009; Javadpour et al. 2007). Moridis et al. (2010) and 
Blasingame (2008) provided a comprehensive review of flow 
mechanisms in shale and mentioned that significant gas adsorption-
desorption mechanisms occur in the pore surfaces. Civan (2010) used 
Beskok and Karniadakis (1999) model of rarefied gas flow in 
microchannels, ducts and pipes to describe gas transport in tight porous 
media. The co-existence of severe heterogeneity, Klinkenberg or 
slippage effects (Klinkenberg, 1941) and geomechanical effects further 
complicates the flow behavior.   

Bird (2002) suggested that gas transport in nanopores is a combination 
of viscous flow, Knudsen diffusion and molecular diffusion. Javadpour 
(2009) also presented a gas transport flow model considering viscous 
flow and Knudsen diffusion. Molecular diffusion refers to the relative 
motion of different gas species and occurs when the mean free path of 
gas molecules is at least one order larger than the pore diameter of the 
porous media (Ho and Webb, 2006). Viscous flow generates through 
collision between molecules whereas Knudsen diffusion generates from 
collision between molecules and pore walls. Among these mechanisms, 
which one is dominant depends on the relationship between mean free 
path of gas and the pore size of the porous media. If the mean free path 
of gas is much smaller than the pore size, the probability of collision 
between molecules is much higher than the collision between molecules 
and the pore walls. Thus, in such case, gas transport is mainly governed 
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by viscous flow and Knudsen diffusion can be ignored. As the pore 
diameter gets smaller, reaching the same order as the gas molecular mean 
free path, collisions between molecules and the pore walls become more 
prominent with gas transport mainly governed by Knudsen diffusion. 
Knudsen (1909) gave a widely recognized dimensionless parameter, 
Knudsen number 𝐾௡, which is defined as the ratio of the molecular mean 
free path λ to the characteristic length scale 𝐿. Based on the magnitude 
of Knudsen number, gas transport in porous media can be divided into 
four flow regimes (as shown in Table 1) (Javadpour et al. 2007): 

Table 1 Classification of gas flow regimes based on the Knudsen number. 

𝐾௡ < 0.001 0.001 <  𝐾௡ < 0.1 0.1 <  𝐾௡ < 10 𝐾௡ > 10 

Mean free path << 
pore radius 

Mean free path < 
pore radius 

Mean free path ≈ 
pore radius 

Mean free path > 
pore radius 

Continuum flow 
regime 

Slip flow regime 
Transition flow 

regime 
Free molecular 

regime 

 
In the continuum flow regime (𝐾௡ < 0.001),  the mean free path of gas 
molecules is much smaller than the pore size of the porous media, 
therefore the probability of collision between molecules is much higher 
than that of collisions between molecules and the pore walls. The gas 
transport is mainly governed by viscous flow and Knudsen diffusion can 
be ignored. In this regime, conventional Darcy’s law equation with 
conventional no-slip boundary conditions can describe the gas flow in 
porous media. Gas transport governed by Knudsen diffusion becomes 
important when the pore size is of the same order of magnitude or smaller 
than the mean free path of gas molecules. Such transport refers to 
transition or free molecular flow regime with 𝐾௡ > 0.1. The mean free 
path of gas molecules in the matrix is usually of the same order of 
magnitude or larger than the size of pore throat. This may cause 
acceleration of gas molecules along the flow path leading to an increase 
in the apparent permeability (Tang et al. 2017). Wang and Reed (2009) 
observed slippage effect in Marcellus shale, where they reported that 
permeability increases from 19.6 μD at 1000 psi to 54 μD at 80 psi. The 
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gas flow in matrix is further complicated by gas adsorption/desorption 
and geomechanical effects. The adsorbed gas layer on the pore surface 
occupies the pore space, resulting in variations of the gas apparent 
permeability (Xiong et al. 2012; Cao et al. 2016). The adsorbed gas is 
mostly produced in the latter stages of production when a considerable 
amount of free gas has been depleted and the well undergoes boundary 
dominated flow (Mengal and Wattenbarger, 2011). 

Another key mechanism in shale gas production is the non-Darcy flow; 
the traditional linear equation for flow in porous media based on Darcy’s 
law is not enough for accurately describing high-rate flows. Non-Darcy 
flow occurs when inertial forces may no longer be neglected compared 
with viscous forces (Hagoort 2004). That is very common near gas 
production wells or in the near-wellbore region, especially in fractures 
where local velocities can be very high. Bybee (2006) suggested that in 
hydraulic fracture stimulation, non-Darcy flow can have a major effect 
on reduction of a propped half-length to a considerably shorter 
“effective” half-length, thus lowering the productive capability of the 
well and overall reserves recovery. Moreover, flow-capacity can reduce 
by 5 % to 30 % in low-rate wells due to non-Darcy effects (Bybee 2006). 
To account for this nonlinear behavior, an inertial term called the 
Forchheimer term is added to Darcy’s equation. Forchheimer (1901) 
gave the empirical Forchheimer equation to model gas flow more 
accurately at high flow rates (Mustapha et al. 2015; Li and Engler 2001; 
Belhaj et al. 2003; Jones 1987; Ling et al. 2013; Barree and Conway 
2005; Zeng and Zhao 2008). Al-Rbeawi (2018) showed that non-Darcy 
flow has a significant effect on the pressure profile of unconventional 
gas reservoirs, especially at early production time. Luo and Tang (2015) 
through semi-analytical modelling concluded that non-Darcy flow in the 
fracture mainly reduces the effective conductivity. This varying 
conductivity and non-Darcy flow in the fracture make the pressure 
curves deviate from the type curves. Several efforts have been made over 
the past 10 years to identify the effects of non-Darcy flow on overall gas 
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production from shale reservoirs (Wang and Marongiu-Porcu 2015; Fan 
et al. 2019; Al-Rbeawi 2019; Luo and Tang 2015; Sun et al. 2015; Pang 
et al. 2018; Wang et al. 2017). However, there appears to lack a clear 
understanding on exactly where the transition from Darcy to non-Darcy 
flow occurs, quantifying this transition and assessing how its importance 
can be estimated a priori. 

The gas flow in shale reservoirs is further complicated by geomechanical 
effects. Geomechanical effect, in form of stress-dependent matrix 
properties, such as permeability, volumetric strain and porosity can vary 
as a function of confining pressure and pore pressure. The pore pressure 
reduction leads to a rise in the effective stress, which subsequently 
compacts pore-structure geometry and reduces formation porosity and 
intrinsic permeability (Ren et al. 2016). Moreover, gas desorption 
triggers matrix shrinkage, whose effect is contrary to the pore pressure 
decrease (Cui and Bustin 2005; Zhang et al. 2008). The pore size 
reduction caused by compaction also influences the gas slippage process 
as it is related to the size of pore throat. It has been proved by coal 
experiments that a strong coupling effect exists between the pore 
compressibility and the gas slippage (Tang et al. 2017; Gensterblum et 
al. 2014). Consequently, the net change in porosity and permeability 
accompanying gas extraction is controlled by the several competing 
processes (Jiang and Yang, 2018). All these effects increase with 
production as the drawdown pressure is decreased and may result in 
significantly lowered overall gas recovery in many shale gas reservoirs 
(Yu and Sepehrnoori, 2014).  

In addition to the matrix flow, the fracture flow is also critically 
important in unconventional reservoirs which takes place on the 
centimetre scale. The conductivities of fractures were found to be very 
sensitive to the applied effective stress based on the experiment results. 
Proppants are utilized for holding fractures open after the treatment as 
well as forming conduits for fluid flow into the wellbore (Zendehboudi 
and Bahadori, 2016). The stress-dependence of hydraulic fractures in 
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shale gas reservoir have been discussed in the literature, whilst the stress-
dependence of matrix pores and natural fractures have been mostly 
ignored. Another complexity in modelling shale gas flow is how to 
handle fracture flow, its geometry and fracture-matrix interactions. 
Currently, there is limited understanding of how these complicated flow 
mechanisms impact gas flow and the ultimate gas recovery in such 
reservoirs and what are the parameters that control the production. 

To improve this understanding, we present in part one of this work a 
simplistic numerical modelling approach of a 1D+1D combined fracture-
matrix model that characterizes fracture-matrix interactions and defines 
controlling parameters for the flow of free and desorbed gas from shale 
matrix to the well-induced fracture. The model consists of a high-
permeable hydraulic fracture extending from a well perforation, through 
symmetrically surrounding shale matrix of fixed length with low 
permeability. The fracture is modeled with variable width depicting a 
real-field scenario. By assuming the matrix has finite length, we are 
implicitly assuming equally spaced perforation intervals. This is a good 
assumption if the well has a fixed pressure and the perforations and 
fractures have identical properties. The free gas present in the nano-pores 
diffuses towards the fracture and well perforation due to pressure 
gradients. With pressure depletion, gas adsorbed onto the kerogen 
material desorbs into the pore space and then flows to the fracture. This 
system is solved numerically using an operator splitting approach. The 
commonly used approach to model fracture-matrix flow is based on the 
dual-porosity methodology (Warren and Root, 1963) for naturally 
fractured reservoirs (NFRs) where the geometry of fracture and matrix 
are represented by average properties (Du et al. 2010; Hoteit and 
Firoozabadi 2008; Karimi-Fard et al. 2003; Samandarli et al. 2011). A 
transfer term takes care of the communication between fracture and 
matrix. Here we do not study a full network of fractures, but rather an 
individual hydraulic fracture induced at a well perforation and its 
surrounding shale volume. Further, contrary to the models for NFRs that 
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address advection-diffusion flows, this system is based on solving a 
pressure diffusion equation for the fracture coupled with a pressure 
diffusion equation in the matrix where free gas and adsorbed gas reside. 
Instead of advection-diffusion system, we have a diffusion-diffusion 
system where the fracture is open only from one side. The work is an 
adaptation of the single fracture-matrix system methodology from NFRs 
studied in (Mainguy and Ulm 2001; Tecklenburg et al. 2013; Andersen 
et al. 2014, 2015; Andersen and Evje 2016) where characteristic flow 
regimes and dimensionless numbers could be derived for spontaneous 
imbibition and reactive flow processes. A similar geometry is now 
considered in the context of shale gas production.  

We consider this system geometry and further extend it to two different 
sets of cases accounting for different flow mechanisms:  

System 1- Darcy Flow: Flow is governed by conventional Darcy’s 
equation. Only continuum flow regime is assumed, i.e. mean free path of 
gas molecules is much smaller than pore size of the shale matrix.  

System 2- Non-Darcy Flow: Flow is governed by non-Darcy flow due 
to high velocity of gas. Apparent permeability is used to account for gas 
slippage effects, effective stress, adsorption and flow regimes relevant 
due to the nano-pore structure of the shale matrix. 

In second part of the thesis, we extend our understanding of numerical 
modelling of shale gas production to CO2 injection for enhanced shale 
gas recovery. In-spite of technological advancements and extensive 
efforts by researchers and engineers, the ultimate recovery from shale 
gas reservoirs is considerably low (3-10%). A significant portion (20-85 
%) of the CH4 is stored as an adsorbed phase (Hill and Nelson 2000; 
Vermylen 2011), and only a relatively small portion of this produced 
during the lifetime of a shale gas well (Cipolla et al. 2010). The gas 
production rate decreases rapidly after a few years of production so that 
estimated ultimate recovery is poorly constrained in early stages of field 
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development (Weijermars 2013). Consequently, interest in enhanced 
shale gas recovery (ESGR) from these reservoirs has grown recently 
(Kim et al. 2017). CO2-EOR and storage in conventional oil and gas 
reservoirs is proven effective, the potential to sequester in 
unconventional organic-rich shales (oil/gas) is even more promising and 
economical, yet there has been minimum attention given to these vast 
resources (Sherifa and Reza 2018).  

Experimental results have shown that shales have greater adsorption 
affinity for CO2 than CH4 (Weniger et al. 2010; Heller and Zoback, 
2014). CO2 is also favorably adsorbed over CH4 when both gas species 
co-exist within the shale (Pino et al., 2014; Cancino et al., 2017; Ma et 
al., 2018). A huge potential for enhanced shale gas recovery (ESGR) is 
therefore feasible through injection of CO2 (Blok et al., 1997; Oldenburg 
et al., 2001) which can stimulate the desorption of pre-adsorbed methane 
through an in-situ molecular swapping mechanism at the sorption sites, 
releasing the otherwise trapped methane into the porous system to 
increase the rate and volume of CH4 recovered (Regan, 2007). This 
technique is referred to as CO2 enhanced shale gas recovery, CO2-ESGR 
and is considered a viable means for simultaneous CO2 storage in the 
shale formations with recent reviews provided by Liu et al. (2019) and 
Rani et al. (2019). This concept of CO2 utilization in shales is illustrated 
in Figure 1. Godec et al. (2013) demonstrated through simulation that at 
optimal operational conditions, 7% incremental CH4 production could be 
obtained through CO2 injection in the Marcellus Shale in Eastern United 
States. They estimated 12 trillion cubic meters of methane to be 
technically recoverable with an associated storage of 55 billion tonnes of 
CO2. Khosrokhavar (2015) demonstrated that for an approximate storage 
of 12 kg of CO2 in a characteristic gas shale system, 1 kg of CH4 can be 
produced and yield 55 MJ energy while spending 12 MJ energy for 
compression. They noted that the energy gain was still substantial when 
accounting for CO2 capture and storage (CCS) as quantified by Iijima et 
al. (2011). Logistically, in most cases, a surface gas pipeline distribution 
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network could easily be modified to transport CO2 to the wellhead 
whereas the cost of CO2 injection into the subsurface formation is 
drastically minimized by repurposing the available well infrastructure to 
accommodate CO2 injection (Tao et al., 2014). 

 

Figure 1 Concept of CO2 capture and utilization for enhanced shale gas recovery and 
carbon sequestration. 

Over the past decade in US, shale gas production has increased 
significantly from about 6.16 trillion cubic feet to exceeding 20 trillion 
cubic feet in 2020 and is expected to reach about 35 trillion cubic feet in 
2050 (Fatah et al., 2020). Out of these, 49% of the total US gas 
production is expected to come from shale reservoirs, providing the 
potential for CO2 storage projects. Thus, CCS applications hold good 
promise in reducing CO2 emissions in the coming decades, despite the 
increase in energy demands. Effective utilization of these depleted gas 
formations as storage sites for CO2 can significantly contribute to 
minimizing CO2 emissions, assuming good connectivity between 
induced and existing fractures and no pore space collapse. Tao and 
Clarens (2013) estimated that Marcellus shale alone has the storage 
capacity ranging between 10.4 and 18.4 Gt (1 Gt = 10ଵଶ kg) which has 
the potential equivalent to around 50% of CO2 emissions in the US by 
2030 (Middleton et al., 2015). Similarly, Barnett shale has a CO2 storage 
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capacity ranging between 2.1 to 3.1 Gt. These studies direct towards the 
strong foundation and high possibility of storage capacity in shale 
formations. However, there is still a gap in understanding of CO2-shale 
interaction and more investigations are needed to successfully apply 
CCS technology in shale formations technically and economically. It is 
crucial to address the potential interactions between CO2 and shale 
formation, and their influence on CCS to ensure the longevity of CO2 
containment (Liu et al., 2016, Fatah et al., 2013). 

To understand efforts made by different engineers and scientist, we also 
present a detailed literature review and results and summarize our 
findings on key parameters/mechanisms in CO2 enhanced shale gas 
recovery (Paper IV). The review focuses on the related literature of 
CO2/shale interaction and its effect on shale, to gain a wide 
understanding of the effect of CO2 injection on shale properties.  
Moreover, we derived a new a multi-component adsorption isotherm 
with application to CH4-CO2 substitution (Paper III). The basics for the 
derivation are the principle that different molecules can occupy a surface, 
but not necessarily take the same space. Area, rather than moles, is 
therefore treated as the conserved capacity of the surface. The 
implications of isotherm are demonstrated, first in various static settings 
where we fit the isotherm to experimental data and predict adsorption 
behaviour under other conditions. Next, we apply the isotherm in a 
dynamic CO2-EGR setting on lab scale. A shale core initially saturated 
with both free and adsorbed CH4 is produced by sequentially depleting 
the pressure and re-pressurizing the core with CO2 injection. Optimal 
configurations of gas production and CO2 injection are evaluated, for a 
base case and at conditions more comparable to field where permeability 
is reduced, and spatial dimensions increase. The role of substitution and 
molecular diffusion are emphasized. 
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1.1 Objectives 

The thesis is essentially divided into two parts: 1) numerical modelling 
of shale gas production using fracture-matrix modelling approach and 2) 
review of key mechanisms and modelling of CO2 injection for enhanced 
shale gas production.  

The proposed model for part one which is further subdivided into system 
1 and 2 focuses on addressing some questions of practical importance:  

- Which properties of the fracture are important for overall gas 
recovery? Length, width, volume, permeability?  

- What is the impact of having a variable fracture width versus a 
uniform fracture width?  

- What is the role of matrix permeability and adsorption parameters?  
- How is end recovery affected by the well bottom hole pressure and 

how is that linked to adsorption properties?  
- How can the flow be characterized into fracture dominated or matrix 

dominated and in under what conditions?  
- How can we quantify the flow transition from Darcy to non-Darcy 

(using Forchheimer equation)? 
- What are the conditions under which non-Darcy effects in the matrix 

become significant for gas recovery? 
- How does non-Darcy flow affect flow regimes in shale gas 

production? 
- Most importantly, what is the advantage and potential of this model?  

We answer these questions (1) by showing a sensitivity analysis of the 
model behavior in terms of pressure and gas recovery, parameterized 
using experimental and literature data and (2) by interpreting the results 
using dimensionless numbers derived from the model. A scaling number 
is suggested that controls flow in the considered fracture-matrix 
geometry. It is shown that the behavior can be described according to the 
magnitude of two characteristics dimensionless numbers alone: the ratio 
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of diffusion time scales in the fracture and matrix and the pore volume 
ratio between shale matrix and fracture. This formulation provides an 
intuitive interpretation of the complex shale gas production system. A 
further advantage of the model is that it creates a base, which can easily 
incorporate additional mechanisms including non-linear flow, 
geomechanics and enhanced gas recovery studies that are not readily 
found in standard commercial software. The model can be further 
extended to field scale application. 

Objectives for second part of the thesis focusing on CO2 injection for 
enhanced shale gas production are:  

- Evaluate the state of experimental findings regarding gas sorption in 
shales. 

- Present a new multicomponent adsorption isotherm based on area 
rather than moles as in the case of Langmuir isotherm. 

- Couple the adsorption model with flow model for evaluation of 
injection-production scenarios.  

- Identify optimal configurations for gas production and CO2 injection 
at lab and field scale conditions.  

Along with these objectives, we also determine gaps in experimental 
research for CO2 enhanced shale gas recovery that should be addressed.  

1.2 Thesis Outline 

This thesis is divided into five main chapters. They are:  

Chapter 2 covers the definitions related to processes and flow 
mechanisms that has been applied in this work. It includes the basics of 
gas adsorption on shale, apparent permeability variations, non-Darcy 
flow and density-pressure relations used for modelling gas production 
and CO2 injection. Chapter 3 presents the numerical modelling approach 
used is this work while chapter 4 presents the main results from the work 
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performed and the discussion and limitations of these models. The last 
chapter, chapter 5, provides the concluding remarks and the scope of 
future work. 

Four journal papers (Paper I, Paper II, Paper III and Paper IV), that 
document the main body of this PhD thesis, are attached in the end.  
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 Flow Mechanism Definitions 

In this chapter, the key underlying processes and flow mechanisms used 
in this study to model shale gas production and CO2 enhanced shale gas 
recovery are presented.  

2.1 Density-Pressure Relationships 

For simplicity in modelling, we have considered shale gas (mainly 
comprising of methane, CH4) as an ideal gas. Introduce the inverse gas 
volume factor 𝑏௚, using the ideal gas law, we can write mass density as 

a function of pressure: 

(1)  𝜌௚൫𝑝௚൯ = 𝑏௚൫𝑝௚൯𝜌௚௦, 𝑏௚ =  
𝑇௔௧௠

𝑇𝑝௚
௔௧௠  𝑝௚. 

Further, we can write this as:  

(2)  𝜌௚൫𝑝௚൯ = 𝜌௚௦𝑏௚
ᇱ 𝑝௚, 𝑏௚

ᇱ =  
𝑇௔௧௠

 𝑇𝑝௚
௔௧௠ , 

where 𝑏௚
ᇱ  is the inverse volume factor differentiated with respect to 

pressure, which, as seen, is constant and has unit of inverse pressure. The 
density-pressure relation described by (2) helps us to formulate the 
transport equation in terms of pressure as the gas in the shale reservoir is 
transported by pressure diffusion.  

2.2 Gas Adsorption on Shale 

Adsorption can be defined as a process in which material (adsorbate) 
travels from a gas or liquid phase and forms a superficial monomolecular 
layer on a solid or liquid condensed phase (substrate) (Artioli, 2008). It 
is a surface process that leads to transfer of a molecule from a fluid bulk 
to solid surface. This can occur because of physical forces or by chemical 
bonds. Usually it is reversible (the reverse process is called desorption); 
then it is responsible not only for a subtraction of substances but also for 
release. In most of the cases, this process is described at the equilibrium 
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by means of some equations that quantify the amount of substance 
attached on the surface given the concentration in the fluid. These 
equations are called isotherms because of the dependence of their 
parameters on the temperature, which is one of the most important 
environmental factors affecting adsorption (Artioli, 2008). 

The total or absolute amount adsorbed is computed by mathematical 
modelling, before fitting the data to one of many available mathematical 
isotherm models (e.g. Henry, Langmuir, BET, DR, Pore-filling).  It is 
suspected that adsorption occurs as a monolayer at low pressures and as 
multilayers at higher pressures.  The adsorption behaviour of the gas in 
shale gas reservoirs is normally described by the monolayer Langmuir 
isotherm. This means a single layer of molecules covering the solid 
surfaces. The Langmuir isotherm assumes that the adsorbed gas behaves 
as an ideal gas under isothermal conditions. Hence, there is a dynamic 
equilibrium at constant pressure and temperature between the adsorbed 
and non-adsorbed gas (Gholinezhad et al. 2018). Another widely used 
isotherm is BET isotherm which assumes that the adsorption layers on 
the surface of the organic carbon were infinite (Brunauer et al. 1938). 
Unlike the Langmuir isotherm which assumed a monolayer adsorption, 
BET isotherm extended Langmuir’s application to include multi-layer 
adsorption. BET isotherm is considered a better fit to describing the 
adsorption processes in shale gas reservoirs (Gholinezhad et al. 2018). 
However, the acceptance of a single model for universal description of 
sorption in shales is still contended amongst researchers. 

The pressure dependency of adsorbed gas (mass per solid volume), 𝑎௚, 

in this study is described by a Langmuir isotherm: 

(3)  𝑎௚ = 𝑎௠௔௫

𝑝௚

𝑝௚ + 𝑝௅
, 

where 𝑎௠௔௫ is the max capacity of the shale (in mass per solid volume) 
to store gas on the surface and 𝑝௅ is the pressure at which half this 
capacity has been obtained.  
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Using density-pressure relationship given by (2), we can write (3) in 
terms of pressure unit by introducing following notation: 

(4)  
𝑎ො௚ =

(1 − 𝜙)

𝜙𝜌௚௦𝑏௚
ᇱ

𝑎௚ = 𝑎ො௠௔௫

𝑝௚

𝑝௚ + 𝑝௅
,

𝑎ො௠௔௫ =
(1 − 𝜙)

𝜙𝜌௚௦𝑏௚
ᇱ

𝑎௠௔௫ . 

Note that 𝑎ො௚ and 𝑎ො௠௔௫ have the units of pressure. 

 Multi-component Adsorption 

The presence of CO2 with methane during CO2-ESGR process makes the 
gas desorption behaviour and measurements more difficult. Thus, 
presence of more than one component within the pore network means 
that a better and more representative isotherm model will have to be 
taken into account.  

Ruthven (1984) proposed a general equation that represents the extended 
Langmuir isotherm as: 

(5)  𝑉௔ௗ௦,௜ =

𝑉௅,௜ ൬
𝑝௜

𝑝௅,௜ 
൰

1 + ∑ ൬
𝑝௜

𝑝௅,௜
൰

, 

where 𝑉௅,௜ the Langmuir volume for component 𝑖, 𝑝௅,௜ is the Langmuir 

pressure component for 𝑖 and ∑ ൬
௣೔

௣ಽ,೔
൰ is the summation of all component 

pressure ratios 𝑖 and 𝐿, 𝑖, 𝑝௜ is the partial pressure of component 𝑖 
(Gholinezhad et al. 2018). 

Kim et al. (2017) developed a field scale CO2 injection model for Barnett 
shale, Marcellus shale and New Albany shale considering this multi-
component adsorption and concluded substantial increase in gas 
recovery and potential for CO2 sequestration. Liu et al. (2017) also used 
this multi-adsorption phenomenon to analyse CO2-ESGR potential for 
Yanchang shale in China.  
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Sorption of CO2 or CH4 onto shale matrix is frequently examined in the 
laboratory by construction of sorption isotherms, which involves 
measuring the uptake or release of either gas species on a shale sample 
at controlled temperature and pressure conditions. The measured 
sorption is a combination of adsorption, absorption or capillary 
condensation which individually are difficult to distinguish. Although 
these mechanisms are characteristically different, the net result is a 
storage of gas molecules in a denser phase relative to the bulk (free gas) 
phase in the open pores (Ross & Bustin, 2009). The experimental 
procedures to measure sorption vary but can be categorized into mass-
based or volumetric-based. In the mass-based method the change in 
sample mass associated with adsorption at each fixed pressure and 
temperature condition is measured with a microbalance of high accuracy. 
The volumetric technique is based on Boyle’s law, where the adsorption 
isotherms are constructed by computing the amount of adsorbed gas 
using the real gas equation, which accounts for the gas compressibility 
factor at each equilibrium pressure (Heller & Zoback, 2014). The former 
approach is limited to the use of very small sample sizes whereas the 
latter can satisfactorily accommodate different sample sizes.  

The reviewed literature depicts tremendous challenge with performing 
experimental flow-through tests due to the characteristically ultra-low 
permeability of shale rocks. Hence most experimental evaluations of gas 
sorption have been conducted with crushed samples as opposed to whole 
cores. Likely sources of experimental errors and uncertainties in these 
tests are discussed by Fraissard and Conner (1997); Busch and 
Gensterblum (2011). In general, high-pressure isotherm experiments 
determine sorption capacity, whereas structural properties (e.g. specific 
surface area, pore size distribution, nano-, micro- or mesopore volumes) 
are evaluated via low-pressure (< 1 MPa) sorption tests. 

The majority of shale formations have temperatures ranging from 96 – 
122 °C, with pore pressures in the range of 15 – 25 MPa (Lu et al., 2016). 
The subsurface sorption phenomenon will most likely proceed as a 
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supercritical adsorption-desorption process (Menon, 1968) since both 
CH4 and CO2 will typically exist in the supercritical state (CH4: Tcr = -
82°C and Pcr = 4.64 MPa; CO2: Tcr = 31°C and Pcr = 7.38 MPa). A 
peculiar feature in adsorption isotherms of supercritical fluids is the 
possible occurrence of a peak in adsorption with pressure (Aranovich & 
Donohue, 1995, 1996). Its occurrence will depend on the gas type, the 
proximity of pressure and temperature conditions to the supercritical 
(‘sc’) state of the gas, the void volume determination technique, and the 
sample properties (e.g, pore size distribution) (Murata et al., 2001; 
Gumma & Talu, 2003; Herrera et al., 2011; Gasparik et al., 2012). 
Laboratory experiments thus should be performed at relevant subsurface 
pressure and temperature conditions, but often the experimental 
literature is restricted to lower pressures due to available equipment and 
experimental constraints.  

In that context, CH4-CO2-shale adsorption processes are conveniently 
divided into three stages owing to the pressure range and adsorption rate: 
low pressure (< 3 MPa; below supercritical conditions), intermediate 
pressure (3-10 MPa; transition into supercritical conditions) and high-
pressure (> 10 MPa; supercritical state) adsorption stages that vary 
depending on the gas species and sample properties. The low-pressure 
stage is characterized by sorption on the sites with highest adsorption 
energy (i.e. the smallest pores) first, and progression towards larger pores 
(as pressure increases) which causes gradual reduction in the isosteric 
heat of adsorption (Stoeckli, 1990). This is indicative of physisorption 
by pore-filling as originally suggested by (Dubinin, 1975) for gas 
sorption in microporous materials. Further increase in pressure will 
eventually cause only small changes in the adsorption content. The 
isosteric heat of adsorption reduces with pressure until equilibrium is 
established, and no more gas can adsorb.  
 



Flow Mechanism Definitions 

20 

 

 
Figure 2: Comparison of adsorption isotherm (excess sorption vs pressure) for CH4 (a) 
and CO2 (b) on gas shale samples of the Paraná Basin in Brazil (Weniger et al., 2010). 

Experiment was conducted on crushed dry samples at a fixed temperature of 45°C. 

In the reviewed literature, CH4 excess adsorption (the difference between 
the amount of CH4 in the system and the amount that would be present 
at the same temperature and pressure in the absence of adsorption) on 
gas shales is reported to increase monotonously with pressure (in both 
gaseous and supercritical states) and gradually reach a constant value at 



Flow Mechanism Definitions 

21 

high pressures (Bi et al., 2016; Wang et al., 2016; Li et al., 2017). Gas-
phase CO2 adsorption also increases monotonously with pressure to the 
supercritical transition point, however adsorption of CO2 in supercritical 
state causes the adsorption profile to reach a maximum, after which 
further increase in pressure will cause CO2 to desorb monotonically. 
Typical sorption behavior for both CH4 and CO2 is depicted in Figure 2 
for sorption experiments on crushed Devonian shale samples at a fixed 
temperature of 45 °C and pressures ranging up to 25 MPa. The 
characteristic difference in the adsorption of either gas is clearly 
revealed, with maxima observed only for CO2. The same trend in 
experimental profiles of CO2-CH4 sorption is reported by Strubinger et 
al. (1991); Sudibandriyo et al. (2003); Busch et al. (2008); Weniger et al. 
(2010); Schaef et al. (2013); Gasparik et al. (2014); Schaef et al. (2014); 
Lu et al. (2016); Merey and Sinayuc (2016) on either gas shale samples 
of original composition or pure inorganic minerals. 

In shales, the gradual increase in CO2 adsorption near supercritical 
conditions has been attributed to the sharp change (i.e. increase) in fluid 
density when gaseous CO2 is converted to supercritical fluid. This favors 
overall CO2-shale interaction by increased (binding) energy and more 
molecular layers are attached onto the surfaces. For CO2, Schaef et al. 
(2013) observed that with continued adsorption, the cross-over point 
(Figure 2b) is reached because the stabilization energy (Einter-ad) of the 
supercritical CO2 molecules increases as the pressurized system brings 
the gas molecules closely together. Meanwhile, the adsorbate-adsorbent 
adsorption energy (Eads) decreases (becomes less negative). This could 
drive the adsorbent-adsorbent binding energy (Eb) to negative ranges and 
thereafter desorption dominates as the principal mechanism and a decline 
is observed in the isotherm curve.  Recently, Jia et al. (2018) reported a 
similar trend of CO2 adsorption behavior, where a crossover region was 
observed before and after the critical pressure point, through sorption 
measurements from low- to high-pressure conditions (temperature was 
kept constant at 30 °C) in a shale core from the Green River Formation 
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in Colorado. The discontinuity of CO2 adsorption at pressures above 
CO2-Pcr may have crucial implications on CO2-ESGR and CO2 storage. 
It must be noted that the occurrence of an adsorption peak has also been 
reported in some cases for CH4, although mostly for dried overmatured 
gas shales (Moffat & Weale, 1955; Gasparik et al., 2012; Merkel et al., 
2015; Zhou et al., 2018) and pure carbon adsorbents (Xiong et al., 2017). 
Most single- and multi-component adsorption isotherms are 
monotonous; showing no distinct peaks even at relatively high pressures 
(e.g. the Langmuir type). Capturing physical behavior at reservoir 
conditions may require more general isotherm approaches, especially 
when significant peaks and declines are demonstrated in lab 
measurements. 

2.3 Non-Darcy Flow 

In gas reservoirs, gases generally have very high velocity due to their 
low viscosity. This is especially true for near well-bore region. The 
traditional linear equation for flow in porous media based on Darcy’s law 
is not sufficient for accurately describing high-rate flows. Non-Darcy 
flow occurs when inertial forces may no longer be neglected compared 
with viscous forces (Hagoort 2004). Flow-capacity can reduce by 5 % to 
30 % in low-rate wells due to non-Darcy effects (Bybee 2006). To 
account for this nonlinear behavior, an inertial term called the 
Forchheimer term is added to Darcy’s equation. Forchheimer (1901) 
gave the empirical Forchheimer equation to model gas flow more 
accurately at high flow rates (Mustapha et al. 2015; Li and Engler 2001; 
Belhaj et al. 2003; Jones 1987; Ling et al. 2013; Barree and Conway 
2004; Zeng and Zhao 2008; Berawala et al. 2020).  

Forchheimer’s equation is defined by (Forchheimer, 1901): 

(6)  𝜕௫𝑝 =  −𝑢 ቀ
𝜇

𝑘
+ 𝛾𝜌|𝑢|ቁ, 

where 𝛾 is Forchheimer’s constant. When 𝛾 = 0 the formula reduces to 
Darcy’s equation:   



Flow Mechanism Definitions 

23 

(7)  𝜕௫𝑝 =  −𝑢
𝜇

𝑘
 

This coefficient 𝛾 is usually obtained from experimental data. However, 
there are several correlations available in the literature to evaluate the 
Forchheimer’s constant. In this paper, we use the correlation given by 
Tek et al. (1962): 

(8)  𝛾 =
𝐶ఉ

𝑘ଵ.ଶହ𝜙଴.଻ହ
, 

where 𝐶ఉ is non-Darcy flow constant and 𝑘 is the apparent permeability.  

It is useful that: 

(9)  𝑢|𝑢| = 𝑠(𝑢)𝑢ଶ 

where 𝑠(⋅) denotes the sign function with value ±1. We further have 
that: 

(10)  𝜕௫𝑝 =  𝑠(𝜕௫𝑝)|𝜕௫𝑝|, 𝑠(𝑢) =  −𝑠(𝜕௫𝑝) 

To get velocity in a form comparable with Darcy’s law (𝑢 =  −
௞

ఓ
𝜕௫𝑝) 

we write: 

(11)  𝑢 =  −
𝑘

𝜇
𝜕௫𝑝

⎝

⎜
⎜
⎛

−1 + ඨ1 + 4
𝑘ଶ

𝜇ଶ 𝛾𝜌|𝜕௫𝑝|

2
𝑘ଶ

𝜇ଶ 𝛾𝜌|𝜕௫𝑝|
 

⎠

⎟
⎟
⎞

 

The latter term is in the form: 

(12)  𝑓(𝑧) =  
−1 + √1 + 2𝑧

𝑧
, 

where 

(13)  𝑧 =
𝑘ଶ

𝜇ଶ
𝛾𝜌|𝜕௫𝑝|, 

which has a limit 𝑓 → 1 when 𝑧 → 0 and 𝑓 → 0 when 𝑧 → ∞. We name 
𝑓(𝑧) the transition factor as it denotes the transition of flow from Darcy 
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to non-Darcy. In other words, the velocity is always less or equal to the 
velocity from Darcy’s law. The value of 𝑓(𝑧) = 1 would indicate Darcy 
flow and 𝑓(𝑧) < 1 would mean non-Darcy flow.  

2.4 Apparent Permeability 

Due to the nano-pore structure of the shale matrix, Darcy’s law with 
constant permeability cannot describe the actual gas behaviour and 
transport phenomena. Fluid flow departs from the continuum flow 
regime, in favour of other flow mechanisms such as slip flow, transition 
flow and free molecular conditions. The Knudsen number (Knudsen, 
1909) which is a dimensionless parameter is used to differentiate 
between these flow regimes, for conduit with effective radius 𝑟௘, it is 
defined as: 

(14)  𝐾௡ =
𝜇௚𝑍

𝑝௚𝑟௘

ඨ
𝜋𝑅𝑇

2𝑀
, 

where 𝑇 is absolute temperature, 𝑍 is gas compressibility factor, 𝑟௘ is 
effective radius of flow path, 𝑅 is the universal gas constant and 𝑀 is gas 
molecular weight.  

The apparent permeability of shale matrix can be represented by the 
following general form that relies only on Knudsen number 𝐾௡, and the 
effective intrinsic permeability 𝑘ஶ௘ (Karniadakis et al., 2001): 

(15)  𝑘 = 𝑘ஶ௘𝑓(𝐾௡)    

Florence et al. (2007) extended this derivation to characterize the non-
Darcy gas flow in shale formations: 

(16)  𝑘 = 𝑘ஶ௘(1 + 𝛼௄𝐾௡) ൬1 +
4𝐾௡

1 + 𝐾௡
൰    

where 𝛼௄ is the rarefraction parameter: 

(17)  𝛼௄ =  
128

15𝜋ଶ
tanିଵ(4𝐾௡

଴.ସ)    
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Considering the effect of matrix compaction and adsorbed layer on the 
nanopore geometry, the effective intrinsic permeability is given as (Jiang 
and Yang, 2018):  

(18)  𝑘ஶ௘ =
𝑟௘

ଶ

8

𝜙

𝜏
     

where 𝑟௘ is the effective radius of flow path and 𝜏 is the tortuosity of 
rock. 

Huang and Ghassemi (2015) and Cao et al. (2016) gave generalized 
formulation that incorporates the overall contribution from effective 
stress, adsorption and flow regimes for the apparent gas permeability: 

(19)  𝑘 =
𝑟௘

ଶ

8

𝜙

𝜏
 (1 + 𝛼௄𝐾௡) ൬1 +

4𝐾௡

1 + 𝐾௡
൰    
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 Modelling Approach 

This chapter presents the mathematical modelling approach used in this 
study to investigate and understand role of various complex flow 
mechanisms and their effects on shale gas production. For modelling 
purposes, we use the definitions presented in Chapter 2 - .  

3.1 Part one- Numerical Modelling of Shale Gas 
Production 

As an analysis tool, we consider a 1D+1D combined fracture/matrix 
model that allows systematic evaluation of the role and magnitude of the 
different mechanisms. Similar to the works by Mainguy and Ulm (2001) 
and Andersen et al. (2014, 2015) the model consists of a high-permeable 
fracture (length 𝐿௬) with width 2𝑏. This depicts a typical hydraulic 

fracture in a real-field scenario. The fracture can have non-uniform width 
and is symmetrically surrounded by shale matrix of fixed length 𝐿௫ and 
low permeability as shown in Figure 3. We implicitly assume equally 
spaced perforation intervals by assuming fixed matrix length. The gas is 
stored densely in the matrix by adsorption (modeled by a Langmuir 
isotherm), in addition to free gas in the pores. Apparent permeability is 
used (only in system 2) to account for gas slippage effects, effective 
stress, adsorption and flow regimes relevant due to the nano-pore 
structure of the shale matrix. The pressure gradient towards the fracture 
and the well causes free gas from the matrix nanopores to flow. With 
pressure depletion, gas adsorbed onto the kerogen material desorbs into 
the pore space where it can flow as free gas to the fracture. A transfer 
term takes care of the communication between the fracture and the 
matrix. The system consists of a pressure-diffusion equation for the 
fracture which is coupled with a pressure-diffusion equation in the 
matrix. The model is scaled to derive dimensionless numbers that 
characterize the model. 
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Figure 3 System geometry (left): the near well reservoir is seen from above where a 
fracture with variable width extends from a well perforation with length 𝑳𝒚. Shale matrix 
surrounds the fracture on both sides with total length 𝟐𝑳𝒙 (typical perforation interval). 

Assume a fracture that goes perpendicularly from the well. Define the 
positive 𝑦-axis along the fracture pointing away from the well 
perforation, where 𝑦 = 0. The fracture has length 𝐿௬ and varying width 

2𝑏(𝑦). The fracture recovers gas from the matrix in the direction 
perpendicular to the fracture (x-direction). We define 𝑥 = 0 at the right-
hand side fracture-matrix interface. The fracture and matrix domains are 
given by: 

(20)  
Ω௙ =  ൛(𝑥, 𝑦): − 2𝑏(𝑦) < 𝑥 < 0;  0 < 𝑦 < 𝐿௬ൟ,  

Ω௠ =  ൛(𝑥, 𝑦) : − 2𝑏(𝑦) − 𝐿௫ < 𝑥 < −2𝑏(𝑦);   0 < 𝑥

< 𝐿௫ ;  0 < 𝑦 < 𝐿௬ൟ 

Assuming that the given system is repetitive (equally spaced fractures) 
we obtain a natural no-flow boundary at 𝑥 =  𝐿௫ (the matrix half- 
(symmetry) length). Due to symmetry around the fracture, we will end 
up with and solve equations for only one side of the system, but account 
for production from both sides.  
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 List of Assumptions 

We seek a simplified model that can represent important aspects of shale 
gas production. The main assumptions on the fracture and matrix 
domains are: 

1. A single fracture drains gas from surrounding shale matrix.  
2. Gas is produced from the fracture to the well at constant well 

pressure. 
3. Variable fracture width is considered.  
4. Rock properties (porosity, permeability) are homogeneous within 

matrix and fracture.  
5. Single-phase flow of gas is considered, i.e., it is assumed that the 

reservoir is a dry gas or that it contains insignificant amount of water. 
6. Desorption of gas is pressure dependent which is defined by 

Langmuir’s isotherm.  
7. The composition and flow properties of free gas and desorbed gas 

are the same.  
8. The gas is ideal and has constant viscosity. 
9. The model is considered to be horizontal with constant height ℎ. 

 Transport Equation 

Consider a domain Ω with volume 𝑉 containing shale gas in free and 
adsorbed form. The mass of gas in the porous media volume changes due 
to flow in and out of the interface 𝜕Ω with area 𝐴 as expressed by the 
mass balance equation (LeVeque 2002): 

(21)  𝜕௧ න ൫𝜙𝜌௚ + (1 − 𝜙)𝑎௚൯𝑑𝑉 =  − න ൫𝜌௚𝒖൯ ∙ 𝒏 𝑑𝐴
డஐஐ

, 

where 𝜙 is porosity, 𝜌௚(𝑝௚) gas density, 𝑎௚ adsorbed gas (mass per solid 

volume), 𝒖 Darcy mass flux vector, 𝒏 is the unit normal vector pointing 
out of Ω, and 𝑝௚ is the gas pressure.  
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Fracture domain  

In the fracture, gas adsorption is negligible, i.e., 𝑎௚
௙

= 0. The fracture 
width, denoted 2𝑏(𝑦), can vary with distance from the well. Considering 
a volume 𝑑𝑉 = 2𝑏(𝑦) ℎ 𝑑𝑦 → 0 we get from (21): 

(22)  
𝜕௧൫𝜙𝜌௚2𝑏൯ =  𝜕௬൫𝜌௚𝑢2𝑏൯ + (𝜌௚𝑢)௫ୀିଶ௕,௬

− ൫𝜌௚𝑢൯
௫ୀ଴,௬

. 

Since the fracture is surrounded by matrix symmetrically, the two source 
terms contribute identically: 

(23)  ൫𝜌௚𝑢൯
௫ୀିଶ௕,௬

= −൫𝜌௚𝑢൯
௫ୀ଴,௬

, 

and we obtain: 

(24)  𝜕௧൫𝜙𝜌௚𝑏൯ =  −𝜕௬൫𝜌௚𝑢𝑏൯ −  ൫𝜌௚𝑢൯
௫ୀ଴,௬

. 

Matrix domain  

In the matrix, it is assumed that all flow is directed in the x-direction 
(towards the fracture), while flow in the y-direction is ignored. 
Considering a volume 𝑑𝑉 = 𝑑𝑥 ℎ 𝑑𝑦 → 0 we get from (21): 

(25)  𝜕௧൫𝜙𝜌௚ + (1 − 𝜙)𝑎௚൯ =  −𝜕௫൫𝜌௚𝑢൯. 

Equation (24) and (25) represent the transport equations for the flow of 
gas in fracture and matrix domain respectively. These equations are 
further expanded and solved in the following sections depending on the 
flow mechanisms considered.  

 System 1- Darcy flow 

The flux vector 𝒖 is here assumed related to pressure through Darcy’s 
law: 

(26)  𝒖 =  −
𝐾

𝜇௚
∇𝑝௚. 

In addition to assumptions listed in section 3.1.1, we also assume only 
continuum flow regime i.e., 𝐾௡ < 0.001 and mean free path of gas 
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molecules is much smaller than pore size of the shale matrix. The flow 
is then governed by conventional Darcy’s equation. Also, the 
permeability and porosity are assumed to remain constant during the 
production.  

Substituting (2)-(4)-(26) into (24) and (25), we summarize the system for 
the flow of gas in the fracture-matrix system: 

(27)  
𝜙௙𝑏(𝑦)𝜕௧𝑝௚ =

𝐾௙

𝜇௚
𝜕௬൫𝑝௚𝑏(𝑦)𝜕௬𝑝௚൯

+
𝐾௠

𝜇௚
൫𝑝௚𝜕௫𝑝௚൯

௫ୀ଴,௬
 , (𝑥, 𝑦 ∈ Ω௙), 

(28)  𝜙௠𝜕௧൫𝑝௚ + 𝑎ො௚൯ =
𝐾௠

𝜇௚
𝜕௫൫𝑝௚𝜕௫𝑝௚൯, (𝑥, 𝑦 ∈ Ω௠). 

(29)  𝑎ො௚ = 𝑎ො௠௔௫

𝑝௚

𝑝௚ + 𝑝௅
 

These flow equations must be solved together with the initial and 
boundary conditions. 

Scaling and Reduced 1D+1D Model 

We now scale the system by introducing the following dimensionless 
variables: 

(30)  
𝑝ᇱ =

𝑝௪௘௟௟ − 𝑝௚

∆𝑝
, 𝑦ᇱ =

𝑦

𝐿௬
, 𝑥ᇱ =

𝑥

𝐿௫
,    

𝑏ᇱ =
𝑏

𝑏଴
, 𝐷ᇱ(𝑝ᇱ) =

𝑝௚(𝑝ᇱ)

𝑝௔௩௥
, 𝑎ො௚

ᇱ =
𝑎ො௚

∆𝑝
, 

where we have defined the pressure change and average pressure during 
the process as: 

(31)  ∆𝑝 =  𝑝௪௘௟௟ − 𝑝௜௡௜௧ < 0, 𝑝௔௩௥ =
1

2
(𝑝௪௘௟௟ + 𝑝௜௡௜௧). 

2𝑏଴ is the average width of the fracture, i.e. 2𝑏଴ =
ଵ

௅೤
∫ 2𝑏(𝑦)𝑑𝑦

௅೤

௬ୀ଴
. 𝐷′ 

represents the part of the gas diffusion coefficient resulting from the 
absolute pressure and is thus scaled by the average pressure. The scaled 
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coordinates obey 0 ≤ 𝑥ᇱ, 𝑦ᇱ ≤ 1. The scaled pressure 𝑝′ takes an initial 
value of 1 and decreases to 0 (corresponding to the well pressure in 
absolute terms). Applying the above to equations (27) and (28), we can 
naturally define two-time scales: 

 𝜏௙ representing diffusion of gas from the fracture to the well,  
 𝜏௠ representing diffusion of free and adsorbed gas from the matrix 

to the fracture, given as follows: 

(32)  
𝜏௙ =  

𝜇௚𝜙௙𝐿௬
ଶ

𝐾௙𝑝௔௩௥
,   𝜏௠ =  

𝜇௚𝜙௠𝑅௣𝐿௫
ଶ

𝐾௠𝑝௔௩௥
,   

 𝑅௣ = 1 +
𝑎ො௚(𝑝௜௡௜௧) − 𝑎ො௚(𝑝௪௘௟௟)

𝑝௜௡௜௧ − 𝑝௪௘௟௟
. 

Note that we have introduced 𝑅௣ ≥ 1 which denotes both a retardation 
factor in terms of the increased time it takes to produce gas from the 
matrix due to adsorption, but also the increased quantity of gas that is 
released from adsorption during the pressure reduction. If 𝑅௣ ≈ 1, 
negligible amounts of adsorbed gas are released compared to production 
of free gas, while 𝑅௣ > 1 means production of adsorbed gas is 
significant. In the following we scale time with respect to the fracture 
diffusion time scale: 

(33)  𝑡ᇱ =
𝑡

𝜏௙
 . 

After scaling, the coupled transport system (27) and (28) can be 
expressed in the following form: 

(34)  
𝑏ᇱ𝜕௧ᇲ𝑝ᇱ =  𝜕௬ᇲ൫𝐷ᇱ𝑏ᇱ𝜕௬ᇲ𝑝ᇱ൯ + 𝛼𝛽(𝐷ᇱ𝜕௫ᇲ𝑝ᇱ)௫ᇲୀ଴,௬ᇲ ,

(𝑥ᇱ, 𝑦ᇱ ∈ Ω௙), 

(35)  𝜕௧ᇲ൫𝑝ᇱ + 𝑎ො௚
ᇱ ൯  =  𝛼𝜕௫ᇲ(𝐷ᇱ𝜕௫ᇲ𝑝ᇱ), (𝑥ᇱ, 𝑦ᇱ ∈ Ω௠)         

We have collected all constant terms into the two following 
dimensionless numbers: 

(36)  𝛼 =  
𝜏௙

𝜏௠
=  

𝜙௙𝐿௬
ଶ 𝐾௠

𝜙௠𝐿௫
ଶ 𝐾௙𝑅௣

, 𝛽 =
𝜙௠𝐿௫𝑅௣

𝜙௙𝑏଴
. 

𝛼 represents the ratio of the time scales involved in gas diffusion from 
the fracture and gas diffusion from the matrix (including desorption), 
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respectively. 𝛽 denotes the capacity ratio of the matrix relative to the 
fracture and consists of the product of pore volume ratio and the 
increased amount of gas produced from the matrix due to adsorption, 
indicated by 𝑅௣.  

 System 2- Non-Darcy flow 

In this section, we extend the model (24)-(25) to account for non-Darcy 
flow. We also incorporate apparent permeability relations in the model. 
Substituting (6)-(19) in (24)-(25), we can summarize the system for the 
flow of gas in fracture-matrix system as: 

(37)    𝜙௙𝑏(𝑦)𝜕௧(𝑝)  =  −𝜕௬൫𝑝𝑢𝑏(𝑦)൯  −  (𝑝𝑢)௫ୀ଴,௬,    ൫𝑥, 𝑦 ∈ Ω ௙൯ 

(38)                       𝜙௠𝜕௧൫𝑝 + 𝑎ො௚(𝑝)൯  =  −𝜕௫(𝑝𝑢),     ൫𝑥, 𝑦 ∈ Ω𝑚
൯ 

(39)  𝑢 =  −
𝑘

𝜇௚
𝑓 𝜕௫𝑃 

Scaling and Reduced 1D+1D Model 

After scaling, the coupled transport system (37)-(38) can be expressed in 
the following form: 

(40)  

𝐵𝜕௧𝑃 =  𝜕௬൫𝐷𝐵𝐾௙𝐹௙𝜕௬𝑃൯

+ 𝛼𝛽(𝐷𝐾௠𝐹௠𝜕௑𝑃)௫ୀ଴,௬,    ൫𝑥, 𝑦 ∈ Ω ௙൯ 
1

(𝐺ᇱ)௥௘௙
𝜕்൫𝑃 + 𝐴መ௚(𝑃)൯  

= 𝛼𝛽𝜕௑(𝐷𝐾௠𝐹௠𝜕௑𝑃),                ൫𝑥, 𝑦 ∈ Ω𝑚
൯ 

All the constant terms are collected into the two following dimensionless 
variables 𝛼 and 𝛽:  

(41)  
𝛼 =  

𝜏௙

𝜏௠
=  

𝜙௙𝐿௬
ଶ

𝑓௥௘௙
௙

𝑘௥௘௙
௙

𝑓௥௘௙
௠ 𝑘௥௘௙

௠

(𝐺ᇱ)௥௘௙𝐿௫
ଶ 𝜙௠

,  

𝛽 =
(𝐺ᇱ)௥௘௙𝐿௫

ଶ 𝜙௠

𝜙௙𝑏଴
,  
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𝛼𝛽 =
𝑓௥௘௙

௠ 𝑘௥௘௙
௠ 𝐿௬

ଶ

𝑓௥௘௙
௙

𝑘௥௘௙
௙

𝐿௫𝑏଴

. 

where 𝛼 and 𝛽 consists of the additional amount of gas produced from 
the matrix due to adsorption, indicated by (𝐺ᇱ)௥௘௙. The apparent 

permeability is scaled using a reference permeability defined as: 

(42)  𝑘௥௘௙
௜ =

2

൬
1

𝑘௜(𝑝௜௡௜௧) 
+

1
𝑘௜(𝑝௪௘௟௟)

൰
, (𝑖 = 𝑚, 𝑓). 

Accordingly, we scale the transition factor 𝑓(𝑧) using the 𝑘௥௘௙ and ∆𝑝: 

(43)  
𝑓௥௘௙

௜ =  

−1 + ට1 + 2𝑧௥௘௙
௜

𝑧௥௘௙
௜

, 

𝑧௥௘௙
௜ =  2

൫𝑘௥௘௙
௜ ൯

ଶ

𝜇ଶ𝐿௜
𝛾௥௘௙

௜ 𝜌௚௦𝑏௚
ᇱ 𝑝௔௩௥|∆𝑝|, (𝑖 =  𝑚, 𝑓) 

Where 

(44)  𝛾௥௘௙
௜ =

𝐶ఉ  

൫𝑘௥௘௙
௜ ൯

ଵ.ଶହ
𝜙௜

଴.଻ହ
, (𝑖 = 𝑚, 𝑓) 

Comparing to Darcy flow model (section 3.1.3), the updated model 
represented by (37)-(38) now consists of non-Darcy flow velocity 𝑢 
represented in a form comparable to Darcy flow through a transition 
factor 𝑓. It also accounts for permeability variation in the matrix due to 
gas slippage effects, adsorption and effective stresses. The scaling of 
model also leads to new definitions of dimensionless variables. 
However, it is important to note that diffusion time scale of matrix 𝜏௠ 
comprises of reference transition factor 𝑓௥௘௙

௠  whose value changes with 

matrix non-Darcy flow constant from case to case.  

 Initial and boundary conditions 

Transport equations presented in 3.1.3 and 3.1.4 are solved using 
following initial and boundary conditions. 
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At initial conditions (𝑡 = 0) the fracture and matrix have the same 
pressure, 𝑃௜௡௜௧. The adsorbed gas in the matrix is in equilibrium with this 
initial pressure: 

(45)  𝑃௚(𝑡 = 0) = 𝑃௜௡௜௧          â௚(𝑡 = 0) = â௠௔௫ ቀ
௉೔೙೔೟

௉೔೙೔೟ା௉ಽ
ቁ 

The perforation is defined at 𝑦 = 0 and has a known pressure, 𝑃௪௘௟௟: 

(46)  𝑃௚
௙(𝑦 = 0) = 𝑃௪௘௟௟          (𝑥 ϵ Ω୤) 

There is pressure and mass flux continuity across the fracture-matrix 
boundary: 

(47)  𝑃௚୶ୀ଴ష = 𝑃௚୶ୀ଴శ          ൫𝜌௚𝑢൯
௫ୀ଴ష = ൫𝜌௚𝑢൯

௫ୀ଴శ  

The fracture is closed (or has negligible production) from the matrix in 
the y-direction. Similarly, the matrix has no flow at its outer boundary, 
due to symmetry: 

(48)  𝛿௬𝑃௚௬ୀ௅೤
= 0          𝛿௫𝑃௚௬ୀ௅ೣ

= 0 

3.2 Part two- Modelling of CO2 injection for 
enhanced shale gas recovery 

In this work, we derive a multi-component adsorption isotherm with 
application to CH4-CO2 substitution. The basics for the derivation, as 
stated in Chapter 1 -  are the principle that different molecules can occupy 
a surface, but not necessarily take the same space. Area, rather than 
moles, is therefore treated as the conserved capacity of the surface. The 
production scenario we consider is a 1D shale core or matrix system 
intitally saturated with free and adsorbed CH4 gas with only left side 
(well) boundary open. During primary depletion, gas is produced from 
the shale to the well by advection and desorption. This process tends to 
give low recovery and is entirely dependent on the well pressure. 
Stopping production and then injecting CO2 into the shale leads to 
increase in pressure where CO2 gets preferentially adsorbed over CH4. 
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The injected CO2 displaces, but also mixes with the in situ CH4. 
Restarting production from the well then allows CH4 gas to be produced 
in the gas mixture. Diffusion allows the CO2 to travel further into the 
matrix while keeping CH4 accessible to the well. Surface substitution 
further reduces the CO2 content and increases the CH4 content in the gas 
mixture that is produced to the well. A result of the isotherm and its 
application of Marcellus experimental data is that adsorption of CO2 with 
resulting desorption of CH4 will lead to a reduction in total pressure if 
the CO2 content in the gas composition is increased. That is in itself an 
important drive mechanism since the pressure gradient driving fluid flow 
is maintained (pressure buildup is avoided). This is because CO2 takes 
~24 times less space per mol than CH4. 

 Geometry and variables 

Consider a 1D shale matrix system (e.g. a core sample) with length 𝐿, 
where all flow is taking place in the 𝑥-direction, see Figure 4. The left-
hand side boundary 𝑥 = 0 is considered open to mass flow, while the 
right-hand side boundary at 𝑥 = 𝐿 is closed. We track the components 
methane CH4 (m) and carbon dioxide CO2 (c); both appearing in gaseous 
form with partial pressures 𝑃௠, 𝑃௖  and in adsorbed form denoted 𝑎௠, 𝑎௖.  
 

 

Figure 4 System geometry. A 1D system with an open boundary at 𝒙 = 𝟎 and a closed 
boundary at 𝒙 = 𝑳. The model is studied in terms of gas partial pressures 𝑷𝒊 and 

adsorbed content in the matrix 𝒂𝒊. 
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 List of assumptions 

1. Porosity and characteristic pore radius are homogeneous within 
matrix, i.e. compaction effects are not considered.  

2. The shale matrix initially contains methane (CH4) component 
only, in form of free and adsorbed gas phases.  

3. Carbon dioxide (CO2) is injected as a gaseous phase but can 
appear in both free and adsorbed gas phases in the matrix.  

4. The composition of free and adsorbed gas phases is assumed to 
be the same.  

5. Other phases (e.g. water or oil) are assumed not present.  

 Transport description 

A general transport description of compressible compositional gas flow 
involving advection, diffusion and adsorption is given by (modified from 
Chen et al. (2006)): 

(49)  

𝜕௧൫𝜙𝜌௚𝑥௜ + (1 − 𝜙)𝑎௜൯

=  −𝜕௫൫𝜌௚𝑥௜𝑢൯ +  𝜕௫൫𝐷௜,௘𝜙𝜕௫𝐶௜൯,

(𝑖 = 𝑚, 𝑐), 

𝐷௜,௘ =
𝐷௜,௙

𝜏
  (𝑖 = 𝑚, 𝑐). 

where 𝜙 is rock porosity, 𝜌௚ gas molar density (moles of gas phase per 

volume gas mixture), 𝑥௜ mole fraction of component 𝑖(= 𝑐, 𝑚), 𝑎௜ is 
amount adsorped component 𝑖 (in moles component per volume matrix 
rock) and 𝐶௜ is the concentration of gas component 𝑖 (in mol per volume 
gas mixture). 𝐷௜,௘ is the effective molecular diffusion coefficient of gas 

components and depends on the free molecular diffusion coefficient 𝐷௜,௙ 

and the tortuosity 𝜏 of the porous medium as follows (He et al. 2014). 𝑢 
is the Darcy flux of the gas phase which is assumed related to the total 
pressure (𝑃௧) gradient through Darcy’s law: 

(50)  𝑢 =  −
𝐾௔

𝜇௚
∇𝑃௧, 𝑃௧ = 𝑃௠ + 𝑃௖ . 
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𝐾௔ is the apparent permeability of gas in the matrix and 𝜇௚ the gas 

viscosity, which is set constant. The partial pressure 𝑃௜ associated with 
𝑁௜ moles of component residing in the gas volume 𝑉௚ (which can be 

shared with other components is described by the real gas law (Chen et 
al. 2006): 

(51)  𝑃௜𝑉௚ = 𝑧𝑁௜𝑅𝑇, 𝑃௧𝑉௚ = 𝑧𝑁௧𝑅𝑇. 

The latter formula follows directly from the first and concerns the total 
pressure from the gas mixture. 𝑧 denotes the deviation factor from ideal 
gas, 𝑅 is the gas constant and 𝑇 is absolute temperature. Molar gas phase 
density at reservoir and surface conditions (sc) follow directly as: 

(52)  𝜌௚ =
𝑁௚

𝑉௚
=

𝑃௧

𝑧𝑅𝑇
, 𝜌௚,௦௖ =

𝑁௚

𝑉௚,௦௖
=

𝑃௦௖

𝑅𝑇௦௖
. 

𝑧 is assumed constant at reservoir conditions and unity at standard 
conditions. From this we define the inverse gas volume factor 𝑏௚ as the 

ratio of the volume taken by a gas mixture at standard conditions to the 
volume it takes at reservoir conditions: 

(53)  
𝑏௚(𝑃௧) =

𝜌௚

𝜌௚,௦௖
= 𝑃௧

𝑇௦௖

𝑃௦௖𝑧𝑇
, 𝑏௚

ᇱ (𝑃௧) =
𝑇௦௖

𝑃௦௖𝑧𝑇
 ,

𝜌௚(𝑃௧) = 𝜌௚,௦௖𝑏௚
ᇱ 𝑃௧. 

In the above we have used that the derivative of 𝑏௚ with respect to 𝑃௧ is 

a constant (with unit of inverse pressure) to write a compact relation 
between gas density and total pressure. Mole fractions 𝑥௜  and molar 
concentrations 𝐶௜ of the gas components follow directly from the gas law 
(51): 

(54)  𝑥௜ =
𝑁௜

𝑁௧
=

𝑃௜

𝑃௧
 , 𝐶௜ =

𝑁௜

𝑉௚
=

𝑃௜

𝑧𝑅𝑇
, (𝑖 = 𝑚, 𝑐). 

 Proposed Adsorption Model 

Let 𝐴 be the total surface area available for adsorption, 𝐴௙ the area of 

free sites,  𝐴௠ the area occupied by methane and 𝐴௖ the area occupied 
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by CO2, all per volume matrix rock (note that 𝐴 is the specific surface 
area). Then we have: 

(55)  𝐴 = 𝐴௙ + 𝐴௠ + 𝐴௖ 

The following reactions can describe the substitution of CH4 by CO2: 

(56)  (CHସ)௡೘
X ↔ 𝑛௠ CHସ(𝑔) + X 

(57)  (COଶ)௡೎
X ↔ 𝑛௖  COଶ(𝑔) + X 

X denotes a site occupied by a mole of a given component during 
monolayer adsorption. 𝑛௠ and 𝑛௖  denote multipliers indicating if more 
than monolayer capacity is spent by the component. Hence, in monolayer 
adsorption we have 𝑛௠ = 𝑛௖ = 1 and. If multilayer adsorption takes 
place both 𝑛௠  and 𝑛௖  are greater than unity and more moles of 
component can fill that same space. Note also, that different components 
can take up a different area when they adsorb, hence if large molecules 
occupy the surface it will adsorb fewer moles (on fewer sites) before the 
surface is saturated. Equilibrium of the above reactions is described as 
follows: 

(58)  𝐾௠ =
[𝐶𝐻ସ]௡೘[𝑋]

[(𝐶𝐻ସ)௡೘
𝑋]

=
𝑃௠

௡೘ 𝐴௙
𝐴

ൗ

𝐴௠
𝐴ൗ

=
𝑃௠

௡೘(𝐴 − 𝐴௠ − 𝐴௖)

𝐴௠
 , 

(59)  𝐾௖ =
[𝐶𝑂ଶ]௡೎[𝑋]

[(𝐶𝑂ଶ)௡೎
𝑋]

=
𝑃௖

௡೎ 𝐴௙
𝐴

ൗ

𝐴௖
𝐴ൗ

=
𝑃௖

௡೎(𝐴 − 𝐴௠ − 𝐴௖)

𝐴௖
 . 

In the above we have assumed that the activity of the gas components 
and surface species is approximated by their partial pressures and the 
area fraction they occupy, respectively. 𝐾௠ and 𝐾௖ are thermodynamical 
equilibrium constants with dimensions of Pa௡೘ and Pa௡೎, respectively. 
They will be considered constant for a given temperature. Rearranging 
terms in (58) and (59), results in the area per volume rock 𝐴௜ occupied 
by CH4 or CO2:  
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(60)  
𝐴௖ = 𝐴

𝐾௠𝑃௖
௡೎

𝐾௖𝑃௠
௡೘ +  𝐾௖𝐾௠ + 𝐾௠𝑃௖

௡೎  
 ,

𝐴௠ = 𝐴
𝐾௖𝑃௠

௡೘

𝐾௖𝑃௠
௡೘ + 𝐾௖𝐾௠ + 𝐾௠𝑃௖

௡೎
 . 

For application of these parameters in the mole balance calculations, e.g. 
in (49), we make the following conversion: 

(61)  
𝑎௜ ൤

𝑚𝑜𝑙

𝑣𝑜𝑙 𝑑𝑟𝑦 𝑟𝑜𝑐𝑘
൨

= 𝐴௜ ൤
𝑎𝑟𝑒𝑎

𝑣𝑜𝑙 𝑑𝑟𝑦 𝑟𝑜𝑐𝑘
൨ 𝑆௠,௜ ൤

𝑚𝑜𝑙 𝑚𝑜𝑛𝑜𝑙𝑎𝑦𝑒𝑟

𝑎𝑟𝑒𝑎 𝑚𝑜𝑛𝑜𝑙𝑎𝑦𝑒𝑟
൨ 𝑛௜ ൤

𝑚𝑜𝑙 𝑚𝑢𝑙𝑡𝑖𝑙𝑎𝑦𝑒𝑟

𝑚𝑜𝑙 𝑚𝑜𝑛𝑜𝑙𝑎𝑦𝑒𝑟
൨ 

We note that the above requires information about the factors 𝑆௠,௜ telling 

how many moles adsorb per area during monolayer adsorption 
(implicitly how much area is taken by a site where a gas component has 
adsorbed). The three factors above indicate the capacity and relative 
preference among the components for adsorption. Particularly, the latter 
two factors indicate how densely a component can adsorb thus permitting 
a greater number of moles to be stored. Similarly, the adsorbed mass per 
volume 𝑊௜ can be calculated as follows: 

(62)  𝑊௜ ൤
𝑚𝑎𝑠𝑠

𝑣𝑜𝑙 𝑑𝑟𝑦 𝑟𝑜𝑐𝑘
൨ = 𝑎௜ ൤

𝑚𝑜𝑙

𝑣𝑜𝑙 𝑑𝑟𝑦 𝑟𝑜𝑐𝑘
൨ 𝑀௪,௜ ቂ

𝑚𝑎𝑠𝑠

𝑚𝑜𝑙
ቃ 

where 𝑀௪,௜ is the (familiar) molar weight of CH4 or CO2. 

 Application of the Isotherm 
The unknown parameters in the isotherm and adsorption terms (60) and 
(61) are 𝐴, 𝐾௖ , 𝐾௠, 𝑛௖, 𝑛௠, 𝑆௠,௠ and 𝑆௠,௖. To determine their individual 

values, we proceed as follows: 
- For a given sample the specific surface area 𝐴 can be measured 

independently using the BET procedure (Brunauer et al. 1938).  
- Consider an adsorption experiment where only CH4 is present, 

i.e. 𝑃௖ = 0. Then the methane isotherm (either of 
𝐴௠, 𝑎௠ and 𝑊௠) depends only on the unknowns 
𝐾௠, 𝑛௠ and 𝑆௠,௠. The max level of adsorption is directly 
proportional to 𝑆௠,௠𝑛௠, while the parameters 𝐾௠ and 𝑛௠ affect 
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the pressure sensitivity in approaching that maximum. 
- The same procedure can be performed with a CO2 experiment 

without CH4, i.e. 𝑃௠ = 0. In this case the isotherm (either of 
𝐴௖, 𝑎௖ and 𝑊௖) depends only on the unknowns 𝐾௖ , 𝑛௖ and 𝑆௠,௖ 
which can be determined in the same way. 

It should be noted that the isotherms (60) take the same functional shape 
as the multicomponent Langmuir isotherm when 𝑛௜ = 1. In that case 𝐾௜ 
takes the role of the Langmuir pressure (the pressure where half the 
capacity is adsorbed). The comparison between two isotherms is 
described in detail in Appendix B). 

 Initial and Boundary Conditions 

Initially, at 𝑡 = 0, the matrix contains free CH4 gas with initial pressure 
𝑃௠଴: 

(63)  𝑃௠(𝑡 = 0) = 𝑃௠଴, 𝑃௖(𝑡 =  0) = 𝑃௖଴ = 0. 

The adsorbed gas is in equilibrium with this composition: 

(64)  𝑎௠(𝑡 = 0) = 𝑎௠(𝑃௠଴, 𝑃௖଴), 𝑎௖(𝑡 = 0) =  0. 

The open boundary at 𝑥 = 0 operates with defined partial pressures as 
function of time. The flux between matrix and well is associated with 
advection only and not diffusion (which is only considered in the 
matrix):  

(65)  𝑃௠(𝑥 = 0, 𝑡) = 𝑃௠௕(𝑡), 𝑃௖(𝑥 = 0, 𝑡) = 𝑃௖௕(𝑡),
𝜕௫𝐶௜|௫ୀ଴ = 0. 

The matrix has no flow at its outer boundary 𝑥 = 𝐿: 

(66)  𝜕௫𝑃௜|௫ୀ௅ = 0, 𝜕௫𝐶௜|௫ୀ௅ = 0. 

 Summary of the model 

After simplification we obtain the following transport equations: 
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(67)  
𝜕௧(𝑃௜ + 𝑎ො௜) =

1

𝜙𝜇௚
𝜕௫(𝑃௜𝐾௔𝜕௫𝑃௧) + 𝐷෡௜𝜕௫௫𝑃௜ ,

(𝑖 = 𝑚, 𝑐), 
where we have introduced the following notations to simplify the 
adsorption and diffusion terms. 

(68)  𝑎ො௜ =
(1 − 𝜙)

𝜙𝜌௚,௦௖𝑏௚
ᇱ

 𝑎௜(𝑃௠, 𝑃௖) =
(1 − 𝜙)

𝜙𝜌௚,௦௖𝑏௚
ᇱ

 𝑆௠,௜𝑛௜𝐴௜(𝑃௠, 𝑃௖)

= 𝐵௜𝐴௜(𝑃௠, 𝑃௖), 

(69)  𝐷෡௜ =
1

𝜌௚,௦௖𝑏௚
ᇱ

 
𝐷௜,௙

𝜏𝑧𝑅𝑇
, 𝐵௜ =

(1 − 𝜙)𝑆௠,௜𝑛௜

𝜙𝜌௚,௦௖𝑏௚
ᇱ

. 

These flow equations must be solved together with the initial and 
boundary conditions (63) to (66). 

3.3 Solution Approach 

The system is solved by an operator splitting approach, similar to that 
described in Andersen et al. (2014, 2015). This means that for fracture-
matrix system, we alternate between solving for flow in y-direction 
(fracture diffusion) and flow in x-direction (fracture-matrix diffusion and 
desorption). The operator splitting time step was selected at least 20 

times lower than the time scale of fracture diffusion 𝜏௙ in order to switch 
sufficiently frequent between the two solvers. The numerical solution 
procedure is described in detail in paper I, paper II and paper III. The 
y-axis was discretized into 20 equal cells, while the (positive) x-axis was 
discretized into 40 equal cells in addition to the fracture cell. Gas 
recovery factor 𝑅𝐹 is reported as the produced fraction of the mass 
initially in the reservoir. We also define 𝑅𝐹௢௕ as the mass fraction of the 
gas that can be produced by lowering the reservoir pressure uniformly 
from 𝑝௜௡௜௧ to 𝑝௪௘௟௟. 

For CO2 injection system, we 1) solve for advective and diffusive 
transport of CO2 and CH4 without surface effects (adsorption/desorption) 
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and then 2) adjust the variables by distributing the local masses between 
free gas and adsorbed form. Switching between these processes is done 
frequently to assure the coupling between the mechanisms is captured. 
The x-axis was discretized into 30 equal cells for all the simulation cases. 
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 Results and Discussions 

Part one- Numerical Modelling of shale gas 
production 

4.1 System 1- Darcy flow 

In this section, we explore the behaviour of the model (34)-(36) by 
considering its sensitivity to different input parameters. Particularly we 
see how distributions of pressure and relative amount of adsorbed gas, 
reservoir pressure and gas recovery profiles are affected by matrix, 
fracture and gas parameters. Gas recovery factor 𝑅𝐹 is reported as the 
produced fraction of the mass initially in the reservoir. We also define 
𝑅𝐹௢௕ as the mass fraction of the gas that can be produced by lowering 
the reservoir pressure uniformly from 𝑝௜௡௜௧ to 𝑝௪௘௟௟. We refer to 
Appendix A) for mathematical definitions. 

 Model input parameters 

The model input parameters used for the reference case are described in 
Table 2. The Langmuir isotherm parameters are representative of 
Marcellus shale and taken from Yu et al. (2016). Unless otherwise is 
stated, any unvaried parameter is held constant equal to the reference 
case. Further, the fracture will in the reference case be assumed to have 
constant width. We will also consider cases where the fracture shape 
varies. We then consider that the fracture width decreases linearly in 
width with distance from the well and is defined by three parameters; the 
length 𝐿௬, the average half-width 𝑏௢ and the max-to-min width ratio 

𝑏௠௔௫ 𝑏௠௜௡ ⁄ :  
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(70)  
𝑏(𝑦) = 2𝑏଴ ቆ

𝑏௠௔௫ 𝑏௠௜௡⁄

(𝑏௠௔௫ 𝑏௠௜௡⁄ + 1)
 

−  
(𝑏௠௔௫ 𝑏௠௜௡⁄ − 1)

(𝑏௠௔௫ 𝑏௠௜௡⁄ + 1)
 

𝑦

𝐿௬
ቇ . 

Note that for a uniform fracture width, i.e. 𝑏௠௔௫ 𝑏௠௜௡⁄ = 1, we get 
𝑏(𝑦) = 2𝑏଴.   

Table 2 Input parameters used for reference case simulations (1Yu et al. (2016)). The 

Knudsen number 𝑲𝒏 is calculated using 𝑲𝒏 =
𝝁𝒈𝒁

𝒑𝒊𝒏𝒊𝒕𝒓𝒆
ට

𝝅𝑹𝑻

𝟐𝑴
 (Knudsen, 1909). 

Parameters Value Units 

Average fracture half-width, 𝑏଴ 0.02 m 
Bottom hole well pressure, 𝑝௪௘௟௟ 17.24 Bar 
Fracture length, 𝐿௬ 7 m 

Fracture permeability, 𝐾௙ 10 mD 

Fracture porosity, 𝜙௙ 0.60 − 
Fracture height, ℎ 1 m 
Gas compressibility factor (ideal gas), 𝑍 1 − 
Gas constant, 𝑅 8.314 J/mol 
Gas density at standard condition, 𝜌௚௦ 0.7 kg/Smଷ 

Gas viscosity, 𝜇௚ 0.0184 cP 
1Initial reservoir pressure, 𝑝௜௡௜௧ 344.7 Bar 
Knudsen number, 𝐾௡ 0.00274 − 
1Langmuir max adsorption capacity, 𝑎௠௔௫ 5.023 kg/mଷ 
1Langmuir half capacity pressure, 𝑝௅ 27.58 Bar 
Matrix permeability, 𝐾௠ 10 μD 
Matrix half length, 𝐿௫ 25 m 
1Matrix porosity, 𝜙௠ 0.15 − 
Mean pore radius, 𝑟௘ 100 nm 
Molar mass of methane, 𝑀 16.04 g/mol 

Max-to-min fracture width ratio, 
௕೘ೌೣ

௕೘೔೙
 1 - 

1Reservoir temperature, 𝑇 323.15 K 

 
 Reference Case Demonstration 

Using the reference case parameters listed in Table 2, we present 
distributions of scaled pressure 𝑝ᇱ(𝑥ᇱ, 𝑦ᇱ) and mass fraction of adsorbed 

gas relative to total mass 
௔ො൫௣೒൯

௔ො൫௣೒൯ା௣೒
 at different stages of recovery, see 

Figure 5.  
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At production start the pressure declines quickly in the fracture, followed 
by pressure decline in the surrounding matrix. As pressure depletes, gas 
desorbs out of the kerogen into the pore space, which then flows to the 
fracture. At 𝑅𝐹௢௕ = 15 % (5.6 days) gas is mainly produced from the 
near fracture region where the pressure gradients are the sharpest. Gas 
flows comparably towards the fracture although the production is 
somewhat higher near the well. At later times, for 𝑅𝐹௢௕ = 50 % (40 
days) and 𝑅𝐹௢௕ = 85 % (198 days), the same trends are observed. The 
production of free and adsorbed gas stops when the pressures have 
stabilized.   

At 𝑅𝐹௢௕ = 15 % the fraction of adsorbed mass is still close to its initial 
value of 0.12 and is uniformly distributed along the x-axis, except near 
the fracture. The fraction is zero in the fracture as no adsorption is 
considered there. A key observation is that the adsorbed mass fraction 
increases towards the fracture region (𝑥 ≈ 0) at a given time and 
increases with time. This can be explained mathematically below from 
the use of the Langmuir isotherm:  

(71)  
𝑎ො൫𝑝௚൯

𝑎ො൫𝑝௚൯ + 𝑝௚

=
𝑎ො௠௔௫

𝑎ො௠௔௫ + 𝑝௅ + 𝑝௚
. 

This relation is also illustrated in Figure 6 (right) for the reference case. 
Clearly, the fraction will increase when the pressure is reduced, 
explaining the trends towards the fracture and with time. At low 
pressures, i.e. if 𝑝௚ << 𝑎ො௠௔௫ + 𝑝௅, the fraction is approximately 

constant. Looking at the isotherm in Figure 6 (left) this behaviour 
follows due to that an increase of pressure will add free gas linearly due 
to ideal compressibility and adsorb linearly due to the linear shape of the 
isotherm at low pressure. When increasing pressure, the amount of free 
gas increases more rapidly than the amount of adsorbed gas. Therefore, 
the adsorbed fraction decreases. 

 



Results and Discussions 

48 

 

Figure 5 Distribution of scaled pressure (top) and adsorbed mass fraction (bottom) for the 
reference case after 15% (5.6 days) (left), 50% (40 days) (middle) and 85% (198 days) 

(right) obtainable recovery 𝑹𝑭𝒐𝒃. 

 

Figure 6 Langmuir isotherm 𝒂ෝ൫𝒑𝒈൯ (left) and adsorbed gas fraction 
𝒂ෝ൫𝒑𝒈൯

𝒂ෝ൫𝒑𝒈൯ା𝒑𝒈
 (right) for 

the reference case. 

 Numerical Solution Validation 

We assess the performance of the numerical model (developed on 
Matlab) by comparing results with the established industry software 
Eclipse (Geoquest, 2009). We consider a case with negligible amount of 
adsorbed gas in the matrix and a fracture with uniform width. The input 
parameters defined in Table 2 are used for comparison. The full system 
(both sides of matrix surrounded by fracture) is modelled in Eclipse 
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using 80 ⋅ 20 ⋅ 1 = 1600 number of blocks. Figure 7 shows the average 
scaled pressure from each model with time. The numerical solution gives 
results in agreement with the Eclipse model.    

 

Figure 7 Comparison of scaled average pressure profile between the numerical model and 
Eclipse. 

We further compare the block pressure profiles for four different blocks: 
fracture block closest to the well (40,20), near fracture matrix block 
(38,15), block at intermediate distance from fracture (30,10) and block 
far away from fracture (10,5). As shown in Figure 8, the numerical 
solution of this paper is consistent with Eclipse, therefore our model and 
its numerical solution is reliable and feasible. The difference in pressures 
initially may be due to the no flow in y-direction in the matrix is 
considered in our model which is not the case in Eclipse. It could also be 
due to discretization and convergence issues. 

 Role of Fracture Properties and Shape 

We compare three cases with average fracture width (𝑏଴) 0.05 m, 0.02 
m (reference), and 0.009 m to evaluate the effect of fracture size. Further 

for each of these cases, we use three subcases with 
௕೘ೌೣ

௕೘೔೙
 ratio of 1 
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(reference), 3 and 10 to evaluate the effect of fracture shape. The 
௕೘ೌೣ

௕೘೔೙
 

ratio of 1 indicates a uniform fracture width along the y-axis whereas a 
ratio of 10 indicates that the fracture is 10 times narrower at 𝑦 = 𝐿௬ 

compared to at 𝑦 = 0, as illustrated in Figure 3. Figure 9 shows the 
simulated scaled average gas pressure 𝑝ᇱ (left) and gas recovery 𝑅𝐹 
(right) up to 300 days for all the cases.   

 

Figure 8 Block pressure comparison between the numerical model and Eclipse for blocks 
number (10,5), (30,10), (38,15) and (40,20) 

As seen from Figure 9, the recovery process goes faster compared to the 
reference case 𝑏଴ = 0.02 m if the average fracture width is higher, given 
by 𝑏଴ = 0.05 m. Production takes longer time for 𝑏଴ = 0.009 m. This 
indicates that the size of the fracture affects recovery and production rate. 
Berawala et al. (2017) presented the effect of fracture width on time to 
reach the critical desorption pressure in the matrix. They found that with 
narrower fracture width it takes longer time to reach critical desorption 
pressure, resulting in significant drop in the production rate before 
getting stabilized by the desorbed gas. The slow pressure decline at 
narrow width is in agreement with our findings. 
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Figure 9 Effect of fracture shape 
𝒃𝒎𝒂𝒙

𝒃𝒎𝒊𝒏
 and size 𝒃𝟎 on scaled average gas pressure 𝒑ᇱ and 

gas recovery 𝑹𝑭. 

 

Figure 10 Scaled pressure distribution 𝒑ᇱ(𝒙ᇱ, 𝒚ᇱ) after 𝑹𝑭𝒐𝒃 = 𝟏𝟓 % for different fracture 

shape 
𝒃𝒎𝒂𝒙

𝒃𝒎𝒊𝒏
= 𝟏, 𝟑, 𝟏𝟎 and size 𝒃𝟎 = 𝟎. 𝟎𝟓, 𝟎. 𝟎𝟐, 𝟎. 𝟎𝟎𝟗 m.  

The role of fracture width also reflected in Figure 10 where scaled gas 
pressure is plotted after 𝑅𝐹௢௕ = 15 %. In the left column the three cases 
with uniform fracture width are shown. It takes longer time for the 
narrow fracture case (𝑏଴ = 0.009 m, 14 d) to obtain the same recovery 
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as the wide fracture case (𝑏଴ = 0.05 m, 5 d). The narrow fracture case 
displays a higher fracture pressure (𝑝ᇱ ≈ 0.5) compared to the case with 
widest fracture (𝑝ᇱ ≈ 0.25). Since the fracture gas has less space to 
diffuse, it maintains a higher pressure (right) reducing the driving force 
of gas production from the matrix.  

When we look at recovery and pressure curves (Figure 9) for 𝑏଴ = 0.05 

and 0.02 we note that they are very weakly sensitive to the 
௕೘ೌೣ

௕೘೔೙
 ratio, i.e. 

very similar profiles are seen. This indicates that we have similar inflow 
of gas to the well irrespective of the shape of the fracture. However, for 
comparatively narrower fracture width 𝑏଴ = 0.009, we observe that 

production takes more time with increasing 
௕೘ೌೣ

௕೘೔೙
 ratio. This implies that 

the shape of the fracture becomes more important at narrower fracture 
width.  

To further understand the role of fracture shape we again turn to Figure 

10 where 
௕೘ೌೣ

௕೘೔೙
 has been varied systematically with values 1, 3 and 10 for 

different fixed half widths 𝑏଴ = 0.05, 0.02, 0.009 m. For each fracture 
width we note that the more narrow the fracture is at the end (higher 
௕೘ೌೣ

௕೘೔೙
), the less space does the gas have to diffuse towards the well 

resulting in a local pressure buildup. Since the fracture is assumed widest 
near the well a lower pressure is seen there, and more gas is produced 
from the matrix in the near well region compared to the regions at the far 
end of the fracture. In the widest fractures the difference is not significant 
and a close to uniform production is seen along the fracture.  

In Figure 11 we demonstrate the role of varying the fracture 

permeability 𝐾௙ over several orders of magnitude, while also varying the 
fracture shape. At sufficiently high fracture permeability the pressure and 
recovery profiles are very similar and do not differ with permeability or 
shape (the time profiles of the 10 and 1000 mD cases are comparable). 
Going to low permeabilities does however result in delayed production 
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and also greater sensitivity to fracture shape. Interestingly, at low 
permeability, high fracture width ratio results in faster production 
compared to a uniform fracture. The wide fracture region near the well 
allows more efficient production of the matrix in this region. Figure 12 
shows scaled pressure distribution for fracture permeability 1 mD and 

1000 mD with uniform fracture width (
௕೘ೌೣ

௕೘೔೙
= 1) after 𝑅𝐹௢௕ = 50%. We 

see that low fracture permeability (1 mD) gives lower matrix-to-fracture 
pressure gradient,  restricting the flow from matrix, resulting in lower 
recovery rate compared to the case with much higher fracture 
permeability (1000 mD). After 50 % 𝑅𝐹௢௕, most of the remaining gas is 
located in matrix at the far end of the fracture for the 1 mD permeability 
case. The gas has been produced more equally for the case with 1000 
mD permeability. In the former case, the slow production from matrix at 
the far end of the fracture will constrain the recovery rate. Fracture 
permeabilities can be associated with the fracture width or fracture 
porosity, see e.g. Carman (1937) or van Golf-Racht (1982). Such 
relations are not considered presently. 

 

Figure 11 Effect of fracture permeability and shape on scaled average gas pressure (left) 
and gas recovery (right). 
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Figure 12 Scaled pressure distribution after 𝑹𝑭𝒐𝒃 = 𝟓𝟎% for fracture permeability 1 mD 

(left) and 1000 mD (right), both with 
𝒃𝒎𝒂𝒙

𝒃𝒎𝒊𝒏
= 𝟏. 

 Role of Matrix Properties 

In the following we consider the role of the matrix permeability 𝐾௠ and 
matrix dimension 𝐿௫ (corresponding to half the fracture spacing). As 
seen in Figure 13, lowering the permeability or increasing 𝐿௫ increases 
the time required to recover gas from the matrix. However, the recovery 
is more sensitive to 𝐿௫ than 𝐾௠, as a shale with 100 times lower 
permeability can be produced in the same time by perforating 10 times 
as frequently. This is reflected directly in the time scale of gas diffusion 
from the matrix, see (32)-(33), to be discussed later. 

 

Figure 13 Effect of matrix permeability and perforation interval on recovery and 
adsorbed gas fraction. 
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 Interpretation of Results using Dimensionless 
Numbers 

In the above discussion we have demonstrated that matrix and fracture 
properties can affect the production of shale gas. In particular at low 
fracture permeability or narrow fracture width the system can depend 
more strongly on the fracture properties, including its shape. In the 
following we interpret this behavior by means of the scaled model (34) 
and (35). 

Assume that the fracture has an initial scaled pressure 𝑝ᇱ = 1 diffusing 
towards 0. For a uniform fracture this process will require a time of 

approximately 𝜏௙. Similarly, diffusing free and adsorbed gas out of the 
matrix from 𝑝ᇱ = 1 to 0 given that the open boundary (to the fracture) 
has 0 scaled pressure, will be reflected by the time scale 𝜏௠. Since all the 
matrix gas has to flow through the fracture the process will require at 
least a time of (𝛽 + 1)𝜏௙, where the factor (𝛽 + 1) denotes that there is 
𝛽 times as much gas in the matrix as in the fracture in addition to the (1) 
fracture volume. If this time is significant compared to the time it takes 
for gas to diffuse out of the matrix, the process may be delayed. Noting 
that 𝛽 ≫ 1 we introduce the ratio 𝜔 of these times as: 

(72)  𝜔 =
(𝛽 + 1)𝜏௙

𝜏௠
≈ 𝛼𝛽 =

𝐿௬
ଶ 𝐾௠

𝐿௫𝑏଴𝐾௙
. 

If 𝜔 ≪ 1 the gas has negligible residence time in the fracture and is 
completely controlled by the time scale of diffusion from the matrix. For 
these cases we can expect a unique behavior when plotting recovery vs. 
time scaled against 𝜏௠. For larger 𝜔 the residence time in the fracture is 
significant and further delays the process. From (72), we note that under 
the stated assumptions the only parameters affecting this process are the 
absolute permeabilities, the perforation interval, fracture (half) width and 
fracture length. However, properties such as Langmuir adsorption and 
compressibility can challenge this claim. The role of the scaling number 
and the mentioned nonlinear effects are explored in the following. 
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4.1.6.1 Systematic variations of 𝜶 and 𝜷 

In this section, we present a vast set of simulation cases of gas recovery 
and interpret the tests according to the dimensionless number 𝜔 = 𝛼𝛽. 
Both linear and non-linear parameters are varied as explained in Table 3 
and reference parameters described in Table 2 are used unless specified. 
The simulation cases are selected to give specific values of the product 
𝛼𝛽 = 10ିଷ, 10ିଶ, 10ିଵ, 10଴. For each of these 𝛼𝛽 values, we vary 
constant-in-time parameters appearing in these terms (absolute 

permeabilities 𝐾௠, 𝐾௙, the perforation interval 2𝐿௫, fracture width 2𝑏଴ 
and fracture length 𝐿௬) and parameters that vary spatially or during the 

recovery process and are represented by reference values in 𝛼 and 𝛽, 
such as adsorption properties (represented by the retardation factor 𝑅௣), 

fracture shape (given by 
௕೘ೌೣ

௕೘೔೙
) and compressibility (represented using the 

average pressure 𝑃௔௩௥). 

In particular, we compare with three scenarios: 1) Increased adsorption 
given by increasing 𝑎ො௠௔௫, effectively accounted for by a high retardation 
factor, 𝑅௣ = 1.46, 1.81 compared to the reference value 𝑅௣ = 1.081; 2) 

High fracture width ratio, 
௕೘ೌೣ

௕೘೔೙
= 10 compared to 1 (uniform width). 

This effect is not included in 𝛼 or 𝛽; 3) Low pressure interval due to a 
high well pressure 𝑃௪௘௟௟ = 125, 250 bar compared to the reference case 
𝑃௪௘௟௟ = 17 bar. The parameter 𝑝௔௩௥ will be affected. Further, a higher 
well pressure results in lower end recovery. All the given simulation 
cases (ca. 21 in total) are presented in terms of gas recovery vs time in 
Figure 14 (inside figure). It is seen that the simulations span a wide range 
of time scale (hence the logarithmic time axis) and also three end 
recovery scenarios are considered (≈ 25, 50 and 90 %). The same 
simulations are also presented in terms of obtainable recovery 𝑅𝐹௢௕ vs 
scaled time 𝑡/𝜏௠ in Figure 14 (main figure) from which we make the 
following observations: 

 The different simulation cases group well according to the value of 
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𝛼𝛽: simulations with same value are indicated by the same color. The 
main trend is that cases with lower value of the product 𝛼𝛽 give 
higher 𝑅𝐹௢௕ when plotted against 𝑡/𝜏௠.  

 Cases where only constant-in-time parameters appearing in 𝛼, 𝛽 were 
varied (while others were kept constant to their reference values) are 
indicated by full lines. They gave a unique behavior with completely 
overlapping curves for the same 𝛼𝛽. Only at high 𝛼𝛽 = 1 (blue lines) 
was there a noticeable difference. At sufficiently low 𝛼𝛽 all these 
curves overlapped also, e.g. 𝛼𝛽 = 10ିଷ (black lines) and 10ିଶ (red 
lines) corresponded to the same behavior, i.e. the highest recovery. 
This reflects that the residence time of the gas in the fracture is not 
significant compared to that in the matrix and the recovery only 
depends on matrix properties. 

 Cases where the fracture shape was changed to give 
௕೘ೌೣ

௕೘೔೙
= 10 are 

indicated by dotted lines. The adsorption and pressure interval 
parameters are kept the same, while constant parameters in 𝛼 and 𝛽 
are varied. For the case 𝛼𝛽 = 0.1 (green dotted line) the wider 
fracture near the well results in faster production in the early phase 
(compared to the cases with uniform width, and any combination of 
constant parameters). However, the correspondingly narrow width in 
the end of the fracture gives slower production at late times. Looking 

at low values of 𝛼𝛽 = 10ିଷ (black dotted line), using 
௕೘ೌೣ

௕೘೔೙
= 10 

shows identical behavior as the uniform width simulations, namely 
because the fracture residence time and thus the fracture properties 
do not affect the solution in this range. 

 Finally, we consider the role of changing non-constant matrix 
parameters such as adsorption and compressibility. 𝑃௪௘௟௟ was 
increased for four cases with 𝛼𝛽 = 10ିଷ, 10ିଶ, 10ିଵ, 1. As before, 
we see that when the matrix properties are the same and 𝑃௪௘௟௟ was 
the same, the behavior converges when 𝛼𝛽 is sufficiently low 
(10ିଷ and 10ିଶ), hence the two leftmost curves (black and red 
dashed lines) seen in  Figure 14 (main figure) are almost identical. 
The non-constant compressibility and variation from the reference 
does however induce a noticeable difference compared to the full line 
cases (where only constant parameters were varied). The green 
dashed line corresponding to 𝛼𝛽 = 10ିଵ is more similar to the 



Results and Discussions 

58 

reference case behavior, which is reasonable as the fracture flow 
plays a greater role in that situation. 

 In three cases, the retardation factor 𝑅௣ was increased by variation of 
𝑎ො௠௔௫. These cases are represented by dash-dot lines for cases with 
𝛼𝛽 = 10ିଷ, 10ିଵ and 1 (black, green and blue dash-dot lines 
respectively). For all three cases it is seen that the strong change in 
adsorbed content is not scaled as well as the other simulations and 
that a more optimal choice can be made for incorporating this 
parameter. 

Table 3 Input parameters for simulation cases selected such that 𝝎 =  𝜶𝜷 is constant for 4 
values: 𝝎𝒊 = 𝟏𝟎ି𝟑, 𝟏𝟎ି𝟐, 𝟏𝟎ି𝟏 𝐚𝐧𝐝 𝟏𝟎𝟎. 𝑳𝒚 = 𝟏𝟎 𝒎 𝐚𝐧𝐝 𝑳𝒙 = 𝟏𝟖. 𝟖 𝒎 is used for all 
cases. Other unspecified parameters are given by reference case values in Table 2. 

 𝜶𝜷 
(-) 

𝜶 
(-) 

𝜷 
(-) 

𝑲𝒎 
(𝒎𝑫)

𝒃𝟎  
(𝒎) 

𝒃𝒎𝒂𝒙/

𝒃𝒎𝒊𝒏 (-) 
𝑹𝒑 
(-) 

𝑷𝒘𝒆𝒍𝒍 
(𝒃𝒂𝒓) 

 1e-3 1e-6 1e3 1e-8 5e-3 1 1.08 17.2 

 1e-3 1e-5 1e2 1e-7 5e-2 1 1.08 17.2 

 1e-3 1.1e-5 0.95e2 1e-7 5e-2 1 1.08 125 

 1e-3 1.12e-5 0.94e2 1e-7 5e-2 1 1.08 250 

 1e-3 1e-5 1e2 1e-7 5e-2 10 1.08 17.2 

 1e-3 7.7e-6 1.35e2 1e-7 5e-2 1 1.46 17.2 

 1e-3 6.2e-6 1.68e2 1e-7 5e-2 1 1.81 17.2 

 1e-2 1e-5 1e3 1e-7 5e-3 1 1.08 17.2 
 1e-2 1e-4 1e2 1e-6 5e-2 1 1.08 17.2 
 1e-2 1.1e-4 0.95e3 1e-6 5e-2 1 1.08 125 

 1e-2 1.12e-4 0.94e2 1e-6 5e-2 1 1.08 250 

 1e-1 1e-4 1e3 1e-6 5e-3 1 1.08 17.2 

 1e-1 1e-3 1e2 1e-5 5e-2 1 1.08 17.2 

 1e-1 1.12e-3 0.94e2 1e-5 5e-2 1 1.08 250 

 1e-1 1e-3 1e2 1e-5 5e-2 10 1.08 17.2 

 1e-1 6.2e-4 1.68e2 1e-5 5e-2 1 1.81 17.2 

 1 1e-3 1e3 1e-5 5e-3 1 1.08 17.2 

 1 1e-2 1e2 1e-4 5e-2 1 1.08 17.2 

 1 1.12e-2 0.94e2 1e-4 5e-2 1 1.08 250 

 1 7.7e-3 1.35e3 1e-4 5e-2 1 1.46 17.2 

 1 6.2e-3 1e2 1e-4 5e-2 1 1.81 17.2 
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Figure 14 Scaled (main figure) gas recovery vs scaled time and absolute gas recovery vs 
time (inside the main figure). Comparative test where 𝝎 =  𝜶𝜷 is constant for 4 values: 
𝝎𝒊 = 𝟏𝟎ି𝟑, 𝟏𝟎ି𝟐, 𝟏𝟎ି𝟏 𝐚𝐧𝐝 𝟏𝟎𝟎. Parameters 𝜶, 𝜷, 𝑹𝒑 and 𝒃𝒎𝒂𝒙/𝒃𝒎𝒊𝒏 are varied in 21 
tests as described in table 3. 𝝎 seems to characterize the flow regime of the fracture-
matrix system. Unspecified parameters are given by reference case values in Table 2. 
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Figure 15 Scaled pressure distribution after 𝑹𝑭𝒐𝒃 = 𝟏𝟓 % for 𝜶𝜷 = 𝟏𝟎ି𝟑 (left) and 𝟏𝟎ି𝟏 
(right). Unspecified parameters are given by the reference case. 
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4.1.6.2 Identification of flow regimes 

From the previous identification of 𝛼𝛽 as an indicator of whether fracture 
flow was significant, we plot in Figure 15 distributions of scaled 
pressure after 𝑅𝐹௢௕ = 15 % for two values 𝛼𝛽 = 10ିଷ, 10ିଵ while 
varying parameters such as width ratio, retardation factor and well 
pressure. It is seen that the distributions bear strong similarity if they 
have same value of 𝛼𝛽. In particular, if 𝛼𝛽 = 10ିଷ (a low value) then 
we are in a matrix-controlled regime where the gas entering the fracture 
is instantly produced to the well. We thus see a zero-scaled pressure in 
the fracture for these cases and uniform pressure distribution surrounding 
the fracture. In the case with 𝛼𝛽 = 10ିଵ (a high value), the gas requires 
some time to leave the fracture and a significant pressure and pressure 
gradient is observed in the fracture. The high pressure reduces the 
production rate from the matrix and the pressure gradient leads to more 
non-uniform production from the matrix. Since the time required to 
transport through the fracture controls the process, we can call this a 
fracture-controlled regime where the gas has a significant residence 
time. 

4.2 System 2- Non-Darcy flow 

In this section, we study the behavior of the model (40)-(41) by 
considering Marcellus shale Langmuir isotherm parameters defined in 
Table 4. We also perform sensitivity analysis to various input parameters 
to identify the conditions under which the non-Darcy effect becomes 
significant. In particular, we plot overall gas recovery vs time and show 
distributions of scaled pressure, transition factor and the relative amount 
of total mass in the system at 15% production of the mass initially in the 
reservoir, denoted by 𝑅𝐹௢௕.  

Mean pore radius of shale matrix is usually in the range of 1-100 nm 
(Javadpour et al. 2007, Loucks et al. 2009, Zou et al. 2012, Yao et al. 
2013), we use a representative value 14 nm for simulation. Using the 
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input parameters defined in Table 4, we get Knudsen number (𝐾௡) in the 
range of 0.01 to 0.1 which indicates slip-flow or transition flow regime 
(refer Table 1). This implies the mean-free path of gas molecule is less 
or of the same magnitude as pore size of the matrix. In this regime, the 
gas transport is mainly governed by Knudsen diffusion and the 
conventional Darcy’s law equation with no-slip boundary conditions 
cannot be applied. The permeability described by (19) takes into account 
this slippage effect. The corresponding apparent permeability for the 
reference case parameters is shown in Figure 16(b). 

Table 4 Input parameters used for reference case simulations.  

Parameters Value Units 

Average fracture half-width, 𝑏଴** 0.02 m 
Bottom hole well pressure, 𝑝௪௘௟௟* 17.24 Bar 
Fracture length, 𝐿௬** 7 m 

Fracture permeability, 𝑘௙** 10 mD 
Fracture porosity, 𝜙௙** 0.60 − 
Fracture height, ℎ** 1 m 
Gas compressibility factor (ideal gas), 𝑍 1 − 
Gas constant, 𝑅 8.314 J/mol 
Gas density at standard condition, 𝜌௚௦** 0.7 kg/Smଷ 

Gas viscosity, 𝜇௚** 0.0184 cP 
Initial reservoir pressure, 𝑝௜௡௜௧* 344.7 Bar 
Langmuir max adsorption capacity, 𝑎௠௔௫* 5.023 kg/mଷ 
Langmuir half capacity pressure, 𝑝௅* 27.58 Bar 
Matrix half length, 𝐿௫ 15 m 
Matrix porosity, 𝜙௠** 0.15 − 
Mean pore radius, 𝑟௘ 14 nm 
Molar mass of methane, 𝑀 16.04 g/mol 

Max-to-min fracture width ratio, 
௕೘ೌೣ

௕೘೔೙
 1 - 

Reservoir temperature, 𝑇* 323.15 K 
Non-Darcy flow constant, 𝐶ఉ

 1𝑒 − 6 mିଶ.ହ 

*Yu et al. (2016), ** Berawala et al. (2019) 

 
Eq. (12) described in section 2.3 denotes the transition factor 𝑓 which is 
a function of non-Darcy flow velocity 𝑧. The transition factor will always 
be less or equal to 1. 𝑓(𝑧) = 1 indicates Darcy flow and a value less than 
1 would indicate how significant the non-Darcy effect is. We plot the 
transition factor 𝑓 against 𝑧 as shown in Figure 17. We see that the gas 
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transport is governed by non-Darcy effects when 𝑧 > 10ିଵ. To establish 
the conditions under which this can happen, we perform sensitivity 
analyses (4.2.1 - 4.2.5) on various input parameters such as non-Darcy 

flow constant (𝐶ఉ), pore size (𝑟௠), fracture permeability (𝑘௙), and shape 

(𝑏଴) and size. Further, we also compare how each of these parameters 
affect gas recovery with/without non-Darcy flow in the matrix and 
fracture.  

 

Figure 16 Knudsen number (a) and apparent permeability (b) vs scaled pressure for 
reference case input parameters defined in Table 4. 

 

Figure 17 Transition factor 𝒇(𝒛) vs 𝒛 indicating Darcy to non-Darcy flow transiton. 

 Reference case demonstrations 

Using the reference case parameters listed in Table 4, we present scaled 
average gas pressure and recovery profiles against time for four 
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systematically varied non-Darcy flow constants 𝐶ఉ, see Figure 18. The 

same values are applied to fracture and matrix. The 𝐶ఉ = 0 case indicates 

that Darcy flow is considered both in matrix and fracture. As seen from 
Figure 18, the recovery process goes much faster for Darcy flow 𝐶ఉ = 0 

compared to the non-Darcy cases 𝐶ఉ = 1𝑒 − 6, 3𝑒 − 6 and 9𝑒 − 6 m-2.5. 

This indicates that with increasing the magnitude of non-Darcy flow 
constant, the gas is produced at a much slower rate. To report how 
significant the non-Darcy effect for individual cases is, we report the 
reference transition factor 𝑓௥௘௙ values for both fracture and matrix, 

denoted by 𝑓௥௘௙
௙  and 𝑓௥௘௙

௠  in Table 5. The reference values are calculated 

using the pressure gradient between initial reservoir and well pressure 
divided over the entire length of the matrix (refer to Eq. (43)). For 𝐶ఉ =

1𝑒 − 6 m-2.5, we get 𝑓௥௘௙
௙

= 0.11 and 𝑓௥௘௙
௠ = 0.87, which indicates that 

the flow is reduced by 89% and 13% compared to Darcy flow for the 
same pressure gradient in fracture and matrix respectively. Also, from 
(11), we see that for the same pressure gradient, non-Darcy flow will 
give lower velocities than Darcy. In general, both Darcy and non-Darcy 
Forchheimer models predict the same behavior at low velocity. But at 
high velocities like in fracture, non-Darcy models results in reduced 
velocities limiting the overall gas recovery. 

 

Figure 18 Scaled average pressure (a) and gas recovery (b) profiles for four systematically 
varied non-Darcy flow constant, 𝑪𝜷. 
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Table 5 Reference transition factor values of fracture and matrix for systematically 
varied four non-Darcy flow constants.   

𝑪𝜷 (𝐦ି𝟐.𝟓) 𝒇𝒓𝒆𝒇
𝒇  (-) 𝒇𝒓𝒆𝒇

𝒎  (-) 

0 1 1 
1𝑒 − 6 0.11 0.87 
3𝑒 − 6 0.07 0.73 
9𝑒 − 6 0.04 0.54 

 

 

Figure 19 Scaled pressure, scaled total mass and transition factor distribution for 
different non-Darcy flow constants after 𝑹𝑭𝒐𝒃 = 𝟏𝟓%. 

 
To further understand as to why non-Darcy effects limits the production, 
we plot in Figure 19 distributions of scaled pressure, total mass  and 
transition factor after 𝑅𝐹௢௕ = 15% for three values 𝐶ఉ = 0, 1𝑒 − 6 and 

3𝑒 − 6 m-2.5. Scaled total mass is defined as the relative amount of gas 
currently in place to initial mass of gas in matrix and fracture (refer to 
Appendix A), Eq. (93). If 𝐶ఉ = 0 (Darcy flow), we see that the gas 

entering the fracture is instantly produced to the well. A zero-scaled 
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pressure in the fracture for this case and uniform pressure and total mass 
distribution surrounding the fracture is observed. The flow here is mainly 
governed by matrix and we are in a matrix-controlled regime.  In the case 
with 𝐶ఉ = 1𝑒 − 6, 3𝑒 − 6 mିଶ.ହ (non-Darcy flow), the gas requires 

some time to leave the fracture and a significant pressure is observed in 
the fracture. This high-pressure gradient reduces the production rate from 
the matrix and leads to more non-uniform production around the fracture. 
We can thus say that non-Darcy effects leads to significant residence 
time in the fracture and controls the rate of recovery. The flow becomes 
more fracture-dominated or fracture-controlled regime. Inspired by 
works on spontaneous imbibition (Rangel-German and Kovscek 2002; 
Andersen et al. 2014); Berawala et al. (2019) showed that also the 
production of shale gas can be classified into matrix- or fracture-
controlled. A similar approach is applied here with respect to the role of 
non-Darcy flow. 

 Role of individual fracture and matrix non-Darcy 
flow constants 

 

Figure 20 Scaled gas pressure (a) and gas recovery (b) vs time for different 𝑪𝜷 in fracture 
and matrix. 

 
In order to understand the importance of non-Darcy flow in the fracture 
and matrix domains, we consider two cases where we turn off the non-
Darcy effect alternately in each domain and plot scaled pressure and gas 
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recovery versus time. These two cases are compared against Darcy flow 
denoted by dashed line in Figure 6 and against the reference case where 
we used same 𝐶ఉ = 1𝑒 − 6 m-2.5 for both fracture and matrix.  

For the case where non-Darcy flow is considered only in the matrix 

(𝐶ఉ
௙

= 0, 𝐶ఉ
௠ = 1𝑒 − 6 m-2.5, green line), we obtain similar recovery as 

in the case of Darcy flow. This shows that for the input parameters 
mentioned in Table 4, non-Darcy effects in the matrix do not play a 

significant role. When 𝐶ఉ
௙

= 1𝑒 − 6, 𝐶ఉ
௠ = 0 m-2.5 (orange line), we get 

much lower recovery compared to the Darcy flow. The gas transport 
from matrix to the well is then fracture dominated, i.e. the time scale of 
transporting gas through the fracture limits the gas production compared 
to producing the gas from the matrix. This also follows from the 
mathematical formulation of diffusion time scale for fracture (Eq. (41)). 

High 𝐶ఉ in fracture and its intrinsic properties give very low 𝑓௥௘௙
௙  

resulting in higher diffusion time for gas in fracture compared to matrix.  

 Effect of pore size 

In this section, we investigate the role of matrix pore size 𝑟௠ on gas 
recovery. We consider four pore radii 𝑟௠ = 10, 20, 40, 80 nm and plot 
Knudsen number, apparent permeability in Figure 21(a) & (b). As seen 
from the figure, increasing pore radii in the matrix, increases the 
Knudsen number. For higher pore radii, pore size becomes 
comparatively larger than the mean-free path of gas molecules and gas 
is mainly driven by viscous forces. Apparent permeability is 
proportionally linked to the Knudsen number (refer Eq. (19)). Increase 
in Knudsen number with increasing pore size gives higher apparent 
permeability as shown in Figure 21(b).  

Figure 21(c) shows the recovery profile when only Darcy flow is 
considered in the system. It can be seen that at higher pore radii, gas 
travels from matrix to the fracture at much faster rate due to high 
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apparent permeability, which is then produced from the fracture 
instantaneously. However, when the same cases are plotted in presence 
of non-Darcy effects both in matrix and fracture (Figure 21(d)), we see 
delay in production. As seen in 4.2.1, non-Darcy effect also here cause a 
shift from matrix-controlled flow regime towards fracture-controlled 
flow regime. A high-pressure gradient is created in the matrix due to 
which gas is not uniformly produced from fracture surroundings. The 
fracture then limits the flow of gas and thus; the gas is not 
instantaneously produced to the well. Interestingly, for cases with 
sufficiently low pore radii (𝑟௠ < 40 nm), gas recovery seems to be less 
sensitive in the presence of non-Darcy effects as compared to Darcy flow 
in the system. This is because non-Darcy effects incurs residence time in 
the fracture in addition to increase travel time for gas to flow from matrix 
to the fracture. 

 

Figure 21 Effect of matrix pore size on Knudsen number (a), apparent permeability (b), 
gas recovery with only Darcy flow (c) and with non-Darcy flow (d) in the system. 
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 Effect of fracture permeability 

In the following, we consider the role of fracture permeability 𝑘௙ by 
plotting gas recovery for the system with/without non-Darcy effects. The 
fracture permeability is varied between 1 mD and 1000 mD. As seen in 
Figure 22(a), fracture permeability barely has any influence on gas 
recovery for Darcy flow. The effect is dominant only when 𝑘௙ is very 
low (~1mD). Low fracture permeability gives lower matrix-to-fracture 
pressure gradient, resulting in lower recovery rate compared to the case 
with much higher recovery (1000 mD). This was also observed by 
Berawala et al. (2019).  

For non-Darcy flow (Figure 22(b)), we see that fracture permeability 
becomes very important and the production is limited by the fracture 

until 𝑘௙~100 mD, a fracture controlled regime. However, when non-
Darcy effects are turned off in the matrix, the recovery becomes more 
sensitive with increasing fracture permeability. The effect of non-Darcy 
flow in matrix becomes more important at higher fracture permeability.   

 

Figure 22 Effect of fracture permeability on gas recovery with Darcy flow (a) and with 
non-Darcy flow (b) in the system. 

 Interpretation using dimensionless numbers 

In the above discussion, we have demonstrated how non-Darcy flow 
constants, matrix pore radius and fracture properties affect the 
production of shale gas with/without non-Darcy effects. In particular, we 
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observed that non-Darcy effects typically shifts the flow towards 
fracture-controlled regime as compared to matrix-controlled regime with 
Darcy flow. In this section, we demonstrate the cases where matrix 
properties become dominant as compared to fracture properties in the 
presence of non-Darcy effects. We do this by interpreting the results with 
the help of two dimensionless numbers 𝛼 and 𝛽 defined in Eq. (41). 

Berawala et al. (2019) showed that the production of shale gas can be 
classified into matrix-controlled or fracture-controlled based on the 
magnitude of the product of 𝛼 and 𝛽 (this was first demonstrated for 
advection-spontaneous imbibition flow in Andersen et al. (2014)). They 
coined the parameter 𝜔 given by: 

(73)  𝜔 =
(𝛽 + 1)𝜏௙

𝜏௠
≈ 𝛼𝛽 

From (41), we get: 

(74)  𝜔 =
(𝛽 + 1)𝜏௙

𝜏௠
≈ 𝛼𝛽 =

𝑓௥௘௙
௠ 𝑘௥௘௙

௠ 𝐿௬
ଶ

𝑓௥௘௙
௙

𝑘௥௘௙
௙

𝐿௫𝑏଴

. 

If 𝜔 ≪ 1, the flow of gas is completely controlled by the time scale of 
diffusion from the matrix. For larger 𝜔, the residence time in the fracture 
is significant and further delays the process. Thus, when gas recovery is 
plotted for the cases with low 𝜔 and high non-Darcy flow constant for 
matrix and fracture, we expect to see matrix-controlled flow regime. To 
perform this test, we present eight simulation cases of gas recovery to 
give approximate values of the product 𝜔 = 𝛼𝛽 = 1𝑒 − 3, 1𝑒 − 2, 1𝑒 −

1, 1𝑒0. Both linear and non-linear parameters are varied as explained in 
Table 6. Other parameters are kept constant as listed in Table 4 unless 
otherwise is specified. All the simulation cases are presented in terms of 
gas recovery vs time in Figure 23. 

In particular, we compare two scenarios: 1) Increased non-Darcy flow 

effects both in matrix and fracture by considering high 𝐶ఉ
௠ and 𝐶ఉ

௙ 

values. This will give low 𝑓௥௘௙
௠  indicating significantly high non-Darcy 
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effect in the matrix (indicated by solid lines). 2) Compare 1) with non-
Darcy effects only in the fracture, by assigning 𝐶ఉ

௠ = 0 giving 𝑓௥௘௙
௠ = 1 

(indicated by dashed lines). We do this for all values of 𝜔 = 1𝑒 − 3, 1𝑒 −

2, 1𝑒 − 1, 1𝑒0. Note: assigning 𝐶ఉ
௠ = 0 would affect the 𝜔 value. In 

such cases, all the other parameters defined in Table 6 are kept constant 
so that the recovery is only affected by the matrix non-Darcy effect. 
Logarithmic time axis is used in Figure 23 since the simulations span 
over a wide range of time scale.  

We observe that for cases with low value of 𝜔 (1e-1), gas recovery is 
strongly sensitive to non-Darcy effects in the matrix. Only at high 𝜔 =

1 (grey lines), we see negligible effect of non-Darcy flow in matrix. This 
is because at high 𝜔, flow is dominatd by fracture properties and 
residence time for the flow of gas in fracture plays a key role. On the 
other hand, for high 𝜔, flow is controlled by the residence time in matrix 
and the recovery only depends on matrix properties.  

We repeat the simulation cases described in Table 6 and plot them 
against the time scaled against 𝜏௠. However, this time for cases with no 
non-Darcy effect in matrix, we vary the other input parameters and adjust 
them in such a way that we get same 𝜔 as their corresponsing pair with 
non-Darcy effect in both fracture and matrix. These changes are reflected 
in Table 7.  As demonstrated by Berawala et al. (2019), we expect that 
the different simulation cases group well according to the value of 𝜔.  
However, from Figure 24, we see that a unique behavior with 
completely overlapping curve is not observed. This discrepancy is due 
to the fact that diffusion time scale of matrix 𝜏௠ comprises of reference 
transition factor 𝑓௥௘௙

௠  whose value changes with matrix non-Darcy flow 

constant from case to case. Thus, the case with 𝜔 = 1𝑒 − 2, 1𝑒 − 1 (red 
and green lines) show similar trend as they have similar 𝑓௥௘௙

௠  values. The 

cases with 𝜔 < 1𝑒 − 1 still show similar behavior and maximum 
recovery is obtained for those cases compared to 𝜔 = 1𝑒0.  
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Table 6 Input parameters for simulation cases shown in Figure 23, selected such that 𝝎 =
 𝜶𝜷 is nearly constant for 4 values: 𝝎𝒊 = 𝟏𝟎ି𝟑, 𝟏𝟎ି𝟐, 𝟏𝟎ି𝟏 𝐚𝐧𝐝 𝟏𝟎𝟎. Other unspecified 

parameters are given by reference case values in Table 4. 

 

 

Figure 23 Absolute gas recovery vs scaled time. Comparative test where 𝝎 =  𝜶𝜷 is 
approximately for 4 values: 𝝎𝒊 = 𝟏𝒆 − 𝟑, 𝟏𝒆 − 𝟐, 𝟏𝒆 − 𝟏 𝐚𝐧𝐝 𝟏𝒆𝟎. Input parameters are 
varied in 8 tests as described in Table 6. 𝝎 seems to characterize the flow regime of the 
fracture-matrix system. Unspecified parameters are given by reference case values in 

Table 4. 
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Table 7 Input parameters for simulation cases shown in Figure 24, selected such that 𝝎 =
 𝜶𝜷 is constant for 4 values: 𝝎𝒊 = 𝟏𝟎ି𝟑, 𝟏𝟎ି𝟐, 𝟏𝟎ି𝟏 𝐚𝐧𝐝 𝟏𝟎𝟎. Other unspecified 

parameters are given by reference case values in Table 4. 

 

 

Figure 24 Scaled gas recovery vs scaled time. Comparative test where 𝝎 =  𝜶𝜷 is constant 
for 4 values: 𝝎𝒊 = 𝟏𝒆 − 𝟑, 𝟏𝒆 − 𝟐, 𝟏𝒆 − 𝟏 𝒂𝒏𝒅 𝟏𝒆𝟎. Input parameters are varied in 8 tests 

as described in Table 7. 𝝎 seems to characterize the flow regime of the fracture-matrix 
system. Unspecified parameters are given by reference case values in Table 4. 

 
The extended 1D+1D model is a useful tool to evaluate sensitivity of 
input parameters, to understand the role of non-Darcy effects in matrix 
and fracture and to qualitatively study the shale gas production system.  
However, the model does not consider changes in effective stresses 
during production. The resulting changes in fracture or matrix porosity 
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and permeability due to geomechanical effects might alter some of the 
results discussed in this paper. Moreover, the model considers flow of 
gas only from stimulated reservoir volume, i.e. the domain affected by 
the hydraulic fracture. However, flow of gas from beyond the tip of 
fracture and crossflow could also contribute to overall recovery. These 
effects should be evaluated before extending the model to field scale 
application. 

Part two- CO2 injection for enhanced shale gas 
recovery 

4.3 CO2 injection 

In this section, we explore the behaviour of the model (67)-(69) by 
considering its sensitivity to different input parameters. Particularly we 
see how distributions of pressure and relative amount of adsorbed gas, 
reservoir pressure and gas recovery profiles are affected by matrix and 
injected CO2 gas parameters. Gas recovery factor 𝑅𝐹 is reported as the 
produced fraction of the mass initially in the reservoir. Please refer to 
paper III for mathematical definitions. 

The system is solved by an operator splitting approach, similar to that 
described in Andersen et al. (2014); Berawala et al. (2019) and Agista et 
al. (2019). This means that we 1) solve for advective and diffusive 
transport of CO2 and CH4 without surface effects (adsorption/desorption) 
and then 2) adjust the variables by distributing the local masses between 
free gas and adsorbed form. Switching between these processes is done 
frequently to assure the coupling between the mechanisms is captured. 
The x-axis was discretized into 30 equal cells for all the simulation cases. 

 Model Input 

The base case parameters for simulations are presented in Table 8 and 
include gas, rock and transport properties. To parameterize the multi-
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component adsorption model, adsorption measurements of CH4 and CO2 
taken from Marcellus, Barnett and Eagle Ford shale (Godec et al. 2013; 
Heller and Zoback 2014) were matched using the approach previously 
described in 3.2.5. A typical specific surface area 𝐴 = 4.6𝑒7 m2/m3 was 
applied for all the shale types. See Tang et al. (2016) or Kuila & Prasad 
(2013) for more information on typical values and factors determining 
this property. The ability of the isotherm to match the experimental data 
is illustrated for the three shale types in Figure 25. Notably, both CH4 
and CO2 measurements were well captured. It was possible to match the 
data using 𝑛௜ = 1 in most cases, except for Barnett shale where 𝑛௖ = 2. 
This suggests that a traditional multicomponent Langmuir isotherm with 
associated monolayer adsorption is a sufficient description in two of the 
tests. The Marcellus shale isotherm will be used as base case. 

Table 8 Input parameters used for reference case simulations. Reservoir pressure and 
temperature are representative of Marcellus shale (Godec et al. 2013). 

Parameters Value Units 

CH4 well pressure, 𝑃௠,௪௘௟௟
௜௡௝  0 bar 

CO2 well injection pressure, 𝑃௖,௪௘௟௟
௜௡௝  550 bar 

Well production pressure 𝑃௧,௪௘௟௟
௣௥௢ௗ  150 bar 

Initial CH4 matrix pressure, 𝑃௠଴ 350 bar 
Initial CO2 matrix pressure, 𝑃௖଴ 0 bar 

Real gas deviation factor (ideal gas), 𝑍 1 − 
Gas constant, 𝑅 8.314 J/mol 

CH4 viscosity, 𝜇௠ 0.0184 cP 
CO2 viscosity, 𝜇௖ 0.0184 cP 
Matrix length, 𝐿 0.07 m 

Matrix porosity, 𝜙 0.1 − 
Mean pore radius, 𝑟௘ 100 nm 

Reservoir temperature, 𝑇 323.15 K 
Tortuosity of rock, 𝜏 1.51 - 
Molar weight of CH4 16.04𝑥10ିଷ kg/mol 
Molar weight of CO2 44.01𝑥10ିଷ kg/mol 

CH4 Diffusion coefficient, 𝐷௠ 1𝑥10ି଼ mଶ/s 
CO2 Diffusion coefficient, 𝐷௖ 1𝑥10ି଼ mଶ/s 
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Table 9 Adsorption isotherm matching parameters for three different shale types: 
Marcellus, Barnett and Eagle Ford. For all shale types the value for specific surface area, 

𝑨 = 𝟒. 𝟔𝒙𝟏𝟎𝟕 𝐦𝟐/𝐦𝟑 was used.  

 𝐾௠ 𝐾௖  𝑆௠,௠ 𝑆௠,௖ 𝑛௠ 𝑛௖ 
 bar௡೘ bar௡೎ mol/m2 mol/m2 - - 

Marcellus 
(base case) 

50 18 3.04𝑥10ି଺ 7.43𝑥10ିହ 1 1 

Barnett 50 280 2.09𝑥10ି଺ 9.57𝑥10ି଺ 1 2 

Eagle Ford 80 40 4.35𝑥10ି଻ 9.57𝑥10ି଺ 1 1 

 

 

Figure 25 Simulated and Experimental adsorption isotherms in terms of 𝑾𝒊 (kg / m3) for 
Marcellus (top), Barnett (left) and Eagle Ford (right) shales. Experimental data for 

Marcellus shale is taken from Godec et al. (2013), Barnett and Eagle Ford shale data are 
from Heller and Zoback (2014).  

 Adsorption isotherm behaviour 

With Marcellus shale parameters as base case, we systematically vary 
the input parameters 𝐾௜ , 𝑆௠,௜ and 𝑛௜ to study their effect on CH4 

adsorption (𝑖 = 𝑚) and CO2 adsorption (𝑖 = 𝑐) in Figure 26 left and 



Results and Discussions 

77 

right, respectively. It is noted that in both considered cases the partial 
pressure 𝑃௜ of the considered component is varied while the partial 
pressure of the other component is zero. The results are plotted in terms 
of 𝑊௜ (mass per volume), but the same trends apply for 𝑎ො௜ (Pa), 𝑎௜ (mol 
per volume) or 𝐴௜ (area per volume) by proportionality. 

When component 𝑖 reacts with the surface with the other component 
present, a lower value of 𝐾௠ or 𝐾௖ implies that the reaction (56) or (57) 
is moved to the left, respectively, and more of that component will be 
adsorbed. The implication is that the surface gets saturated on the 
component at relatively low pressures when 𝐾௜ is low. Increasing 𝑆௠,௜ by 

definition increases how many moles are stored per area but does not 
change the functional relation with pressure. As seen, the function shape 
is similar, but the capacity is increased with larger 𝑆௠,௜. The parameter 

𝑛௜ also affects the storage capacity since an increased value further 
increases the number moles being stored per area. However, not only the 
capacity, but the functional relation with pressure is affected and lets that 
higher capacity be reached at lower pressures. 

In Figure 27 the adsorption behavior of a component is illustrated for 
cases where the partial pressure of the other component is systematically 
varied. As seen, for a given methane pressure 𝑃௠, increased levels of 𝑃௖  
leads to less adsorbed content of CH4. This captures that CO2 is able to 
displace CH4 from the surface. Similarly, for lower methane pressures 
𝑃௠ more CO2 is adsorbed giving a synergetic effect where CO2 is stored 
while methane is produced. 
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Figure 26 Adsorption content of CH4 (left) and CO2 (right) as function of that 
components partial pressure. It is here assumed the other component is not present (zero 
partial pressure). Relevant isotherm parameters are systematically varied from the base 

case. 
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Figure 27 Adsorption behaviour of CH4 (left) and CO2 (right) when the partial pressure 
of the opposite component is systematically varied with a constant value. 

The previous cases have considered how changes in adsorbed content 
changes when partial pressures in a surrounding gas phase and isotherm 
parameters are varied. During injection we are interested in how the 
surface interactions can affect the mass balance and flow of gas 
components. For this reason, we assume a closed porous medium with, 
for simplicity, equal masses of CH4 and CO2 as defined by the conserved 
property (with units of pressure) 𝑀௜ = 𝑃௜ + 𝑎ො௜ = 3.0𝑒7 Pa. It is assumed 
that the methane first was in equilibrium with the surface before CO2 was 
made present defining an initial methane pressure according to:  

(75)  𝑀௠
ீைூ௉ = 𝑃௠଴ + 𝑎ො௠(𝑃௠଴; 𝑃௖ = 0), 

where necessarily 0 < 𝑃௠଴ < 𝑀௠
ீைூ௉ and 𝑀௠

ீைூ௉ denotes the gas 
originally in place expressed by the variable 𝑀௠. The CO2 was assumed 
to enter in gas phase with 𝑃௖଴ = 𝑀௖ (and 𝑎ො௖଴ = 0). The initial pressure 
of this system will then be 𝑃௧଴ = 𝑃௠଴ + 𝑃௖଴. We then wish to see how 
this system changes when it gets to its equilibrium state defined by 
pressures 𝑃௠, 𝑃௖  such that:  

(76)  𝑀௠ = 𝑃௠ + 𝑎ො௠(𝑃௠; 𝑃௖), 𝑀௖ = 𝑃௖ + 𝑎ො௖(𝑃௠; 𝑃௖). 

 
In Figure 28 we vary the 7 parameters 𝐾௜, 𝑆௠,௜, 𝑛௜  and 𝐴 and present 

equilibrium results for the fractions of 𝑀௜ that are in form of free gas or 
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adsorbed form and the ratio of total pressure to initial total pressure 
𝑃௧/𝑃௧଴. 

As seen, the total pressure (blue curve) is, for a wide range of parameter 
cases, much lower than the initial value. It is clear that 𝑃௖  should decrease 
from its initial value due to adsorption, however interestingly that 
reduction is not fully compensated by desorbed methane. As long as the 
surface is not fully saturated initially it is reasonable that the added 
pressure of CO2 will lead to a net increase of adsorbed gas. This implies 
that the surface can act as a buffer for pressure buildup and allow gas to 
be injected with less resistance. For parameter choices where the surface 

does not attract CO2, or adsorption at all, i.e. 
௔ො೎

ெ೎
= 0, the presence of CO2 

does not cause desorption of CH4 and hence the total pressure stays the 

same ቀ
௉೟

௉೟బ
= 1ቁ. That is the case for high 𝑛௠, low 𝑛௖, 𝑆௠௖ and 𝐴.  

When CO2 fully replaces CH4 on the surface 
௉೘

ெ೘బ
= 1 and the surface is 

fully saturated by CO2, the amount of moles able to be stored per area 
for CO2 vs CH4 will determine if a net number of moles are added or 
removed from the surface. That is given by the ratio (𝑆௠,௖𝑛௖)/(𝑆௠,௠𝑛௠) 

which if greater than 1 will cause more moles of CO2 to be adsorbed than 
there were moles of CH4 originally attached. Considering the Marcellus 
base case parameters in  

Table 9 we get a value of 24.4. Hence, in most cases where we see 
௉೘

ெ೘బ
=

1 together with stable values of 𝑃௧, the total pressure has decreased, i.e. 
௉೟

௉೟బ
< 1. An interesting, but theoretical example is also seen for low 

values of 𝑆௠,௖ where adsorption has caused the pressure to increase. 
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Figure 28 Responses in total pressure and contents of free and adsorbed carbon and 
methane in a constant mass test. Relevant parameters are varied in each figure. 

For CO2 storage and EGR purposes we are interested in cases where 
adsorption is important, i.e. much of the gas initially stored is in adsorbed 
form and where the presence of CO2 is able to convert that into free gas 
while adsorbing as much of the CO2 as possible. We do however note 
that a surface that is able to store a lot of CH4 at a given pressure must 
also have great affinity for CH4 which will limit how easily it is desorbed. 
If under these conditions the surface affinity for CO2 can compensate for 
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this by lowering the CH4 isotherm and effectively fill the surface 
capacity, optimal conditions are defined. To explore this mathematically 
we note that CH4 storage at a given initial reservoir pressure 𝑃௠ is 
linearly increasing with the adsorbed content, as repeated from (75): 

(77)  𝑀௠
ீைூ௉ = 𝑃௠଴ + 𝑎ො௠(𝑃௠଴; 𝑃௖ = 0). 

By simple pressure depletion (no CO2 involved) to the pressure 𝑃௪௘௟௟ the 
gas currently in place would be: 

(78)  𝑀௠ି௕௔௦௘
ீ஼ூ௉ = 𝑃௪௘௟௟ + 𝑎ො௠(𝑃௠ = 𝑃௪௘௟௟; 𝑃௖ = 0). 

The base recovery factor 𝑅𝐹௕௔௦௘ from pressure depletion is then simply: 

(79) 𝑅𝐹௕௔௦௘ =
𝑀௠

ீைூ௉(𝑃௠଴) − 𝑀௠ି௕௔௦௘
ீ஼ூ௉ (𝑃௠଴, 𝑃௪௘௟௟)

𝑀௠
ீைூ௉(𝑃௠଴)

 

(80) 

𝑅𝐹௕௔௦௘ =  
[𝑃௠଴ + 𝑎ො௠(𝑃௠଴; 𝑃௖ = 0)]

𝑃௠଴ + 𝑎ො௠(𝑃௠଴; 𝑃௖ = 0)

−
[𝑃௪௘௟௟ + 𝑎ො௠(𝑃௠ = 𝑃௪௘௟௟; 𝑃௖ = 0)]

𝑃௠଴ + 𝑎ො௠(𝑃௠଴; 𝑃௖ = 0)
 

For comparison, if CO2 is injected and the gas mixture is produced to the 
(same) well pressure 𝑃௪௘௟௟ we get a gas currently in place of  

(81)  𝑀௠
ீ஼ூ௉ = 𝑃௠ + 𝑎ො௠(𝑃௠; 𝑃௖), 𝑃௠ + 𝑃௖ = 𝑃௪௘௟௟ ,   

where the latter equation denotes that the total pressure must add to 𝑃௪௘௟௟ 
after production to have comparable conditions. The individual values of 
𝑃௠, 𝑃௖ will depend on the manner of injection; if a high volume of CO2 
has been injected that will likely let more CH4 be produced before the 
low well pressure is obtained, while adding only a minor amount of CO2 
to the system will remove little CH4 to get the well pressure. For this 

reason, we treat 
௉೎

௉೘
 as an independent variable. The methane currently in 

place 𝑀௠ି௜௡௝
ீ஼ூ௉  and recovery factor 𝑅𝐹௜௡௝ after CO2-EGR, are then 

calculated as: 

(82)  𝑀௠ି௜௡௝
ீ஼ூ௉ (𝑃௠, 𝑃௖) = 𝑃௠ + 𝑎ො௠(𝑃௠; 𝑃௖ = 𝑃௪௘௟௟ − 𝑃௠), 
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(83)  𝑅𝐹௜௡௝ =
𝑀௠

ீைூ௉(𝑃௠଴) − 𝑀௠ି௜௡௝
ீ஼ூ௉ (𝑃௠, 𝑃௖)

𝑀௠
ீைூ௉(𝑃௠଴)

 

(84)  
𝑅𝐹௜௡௝ =

[𝑃௠଴ + 𝑎ො௠(𝑃௠଴; 𝑃௖ = 0)]

𝑃௠଴ + 𝑎ො௠(𝑃௠଴; 𝑃௖ = 0)

−
[𝑃௠ + 𝑎ො௠(𝑃௠; 𝑃௖ = 𝑃௪௘௟௟ − 𝑃௠)]

𝑃௠଴ + 𝑎ො௠(𝑃௠଴; 𝑃௖ = 0)
 

To evaluate the benefit of CO2 injection we define the EGR potential 
𝐹௜௡௝ as the factor gas recovery increases by when CO2 injection is 

applied: 

(85)

𝐹௜௡௝ =
𝑅𝐹௜௡௝

𝑅𝐹௕௔௦௘
=

𝑀௠
ீைூ௉ − 𝑀௠ି௜௡௝

ீ஼ூ௉

𝑀௠
ீைூ௉(𝑃௠଴) − 𝑀௠

ீ஼ூ௉(𝑃௠଴, 𝑃௪௘௟௟)
 

 

            = 
[௉೘బା௔ො೘(௉೘బ;௉೎ୀ଴)]ି[௉೘ା௔ො೘(௉೘;௉೎ୀ௉ೢ೐೗೗ି௉೘)]

[௉೘బା௔ො೘(௉೘బ;௉೎ୀ଴)]ି[௉ೢ೐೗೗ା௔ො೘(௉೘ୀ௉ೢ೐೗೗;௉೎ୀ଴)]
 

Note that despite the complexity of this equation the main components 
determining the EGR potential is how much methane is adsorbed before 
and after production and how much free methane constitutes the 
composition in the end. Setting 𝑎ො௠ = 0, implies:  

(86)  𝐹௜௡௝ =
𝑃௠଴ − 𝑃௠

𝑃௠଴ − 𝑃௪௘௟௟
 , (𝑃௪௘௟௟ < 𝑃௠ < 𝑃௠଴), 

that simply increasing the fraction of CO2 in the free gas composition 
may contribute but relies on the compositional gradients to disperse 
effectively.  

In Figure 29 it is seen that the GOIP (in terms of 𝑀௠
ீைூ௉) increases both 

with initial pressure and surface area. Naturally, more gas is stored in 
free form when compressed, and more gas is adsorbed at higher 
pressures. Increasing the specific surface area increases the amount 
stored in adsorbed form at a given pressure. When reducing the reservoir 
pressure to that of the well pressure from the initial 350 bar recovery 
increases, see Figure 29 right, in an almost linear trend. At high 
pressures the isotherm is relatively flat and hence the recovery factor is 
slightly less sensitive to pressure for higher surface capacities. By 
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reducing to a zero pressure all the gas will be recovered. In terms of time 
and practice that is only a theoretical limit. 
 

 

Figure 29 Left: Gas originally in place, as expressed by 𝑴𝒎
𝑮𝑶𝑰𝑷 (unit of pressure)  as 

function of initial pressure 𝑷𝒎𝟎 at different values of specific surface area 𝑨. Right: 
Recovery factor 𝑹𝑭𝒃𝒂𝒔𝒆 evaluated by pressure depletion (without CO2 injection) as 

function of well pressure and 𝑨. 

In Figure 30 the role of CO2 injection is studied. Clearly, if more CO2 is 
present in the final gas composition it has also displaced more of the CH4 
originally adsorbed and in the limit all the CH4 is recovered, regardless 
of well pressure. That is a clear distinction from regular pressure 
depletion where only pressure depletion to zero pressure could give such 
a high value. Lowering the well pressure (and thus the final matrix 
pressure) still has a main effect on increasing recovery. At low 𝑃௖ the 
recovery approaches that of regular pressure depletion without any CO2 
injection and thus a minimum. At a very low specific surface area, the 
recovery is mainly improved by mixing the methane with CO2 and 
reducing the CH4 content by producing the mixture to the specified 
pressure. Increased specific surface area 𝐴 increases the original methane 
in place in adsorbed form. At a high 𝑃௖  the methane pressure will be 
correspondingly low and adsorbed methane will also be low. Although 
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more mass is recovered, there is more to recover in the first place and the 
net effect appears to be a less effective recovery. 
 

 

Figure 30 Recovery factor 𝑹𝑭𝒊𝒏𝒋 for different gas compositions and well pressures. 

 

Figure 31 EGR potential factor 𝑭𝒊𝒏𝒋 for different gas composition, well pressure and 
specific surface area. 

The improvement in recovery when using CO2 (indicated by the 
composition 𝑃௖/𝑃௠) over simple pressure depletion to 𝑃௪௘௟௟ is shown by 
the EGR potential factor 𝐹ாீோ in Figure 31. For negligible amounts of 
CO2 present there is no improvement over regular pressure depletion, 
giving 𝐹௜௡௝ = 1, however, as the CO2 content increases it is seen that 

recovery is improved by factors as high as 2. At high well pressure of 
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150 bar we have seen that little gas is produced by regular pressure 
depletion, hence there is greater potential for EGR. At a low well 
pressure of 50 bar much more of the gas can be produced by pressure 
depletion and there is less to gain from CO2 injection. We also see that 
specific surface area is of key importance and that recovery by CO2 
injection improves much more in cases with high specific surface area. 

 Dynamic simulations 

In this section, we investigate the dynamic CO2-CH4 interplay and its 
influential using simulations at core scale and field scale. At core scale a 
pore radius of 100 nm is assumed, since shale samples then are often 
crushed and compacted to obtain homogeneity and reproducibility of 
measurements. At field scale a pore radius of 20 nm is assumed. The 
Knudsen number 𝐾௡ as function of the relevant pressures is shown in 
Figure 32 (left). The resulting apparent permeability at these pressures 
is shown in Figure 32 (right) with relatively constant values of 2.5 μD 
for field scale and 85 μD at core scale. 

 

Figure 32 Knudsen number (left) and apparent permeability (right) vs scaled total 
pressure for two pore radii related to core scale and field scale simulations. 

4.3.3.1 Core-scale simulations 

Considering the standard dimensions of a core, 𝐿 = 0.07 m, the input 
parameters listed in Table 8 are applied, except for a lower initial 
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pressure of 𝑃௠଴ = 250 bar compared to real Marcellus reservoir 
conditions (350 bar). At 𝑡 = 0; CO2 is injected at various pressures 
𝑃௪௘௟௟ > 𝑃௠଴ until 𝑡 = 0.05 d. The well pressure is then lowered to 
𝑃௪௘௟௟ = 50 bar and gas mixture is produced from the core the remaining 
time. Note that one of the injection pressures equals 𝑃௠଴ meaning no 
injection occurs and only pressure depletion is considered after 0.05 d. 

As seen in Figure 33, during the injection stage the total pressure 
increases to that of the well pressure. Recovery does not change in this 
period and remains zero since CH4 is not leaving the system. Once the 
well pressure is lowered after 0.05 d, the total pressure of the system 
follows. Gas then flows out, carrying both CH4 and CO2 and recovery 
increases. 

 

Figure 33 Total pressure (left) and CH4 recovery (right) vs time. CO2 is injected from 0 to 
0.05 d and gas is recovered the rest of the time. Core scale parameters are assumed. 

The distribution of scaled total pressure 𝑃௧/𝑃௧,଴ after the end of the CO2 

injection period (0.05 d) is shown top left in Figure 34. In agreement 
with total pressures having stabilized with time; the total pressure is 
uniform along the core at this time. The partial pressures and adsorbed 
content distributions (middle and right columns, top) are however not 
uniform. Free CH4 pressure 𝑃௠ has been reduced near the inlet due to 
CO2 injection which has pushed CH4 towards the right boundary of the 
core. The space initially occupied by CH4 is now dominated by CO2 near 
the inlet of the core as seen from the CO2 gas partial pressure 𝑃௖. As seen 
by (67) advection mainly works to stabilize total pressure, but beyond 
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that partial pressures are distributed only by diffusion. The importance 
of molecular diffusion as a limiting factor in enhanced recovery settings 
has previously been underlined by Stoll et al. (2008) and Andersen et al. 
(2015). At higher 𝑃௪௘௟௟ more CO2 is injected and displaces CH4 further 
into the matrix.  

An interesting observation is that for all injection pressures the 
compositional distribution is such that the methane is predominantly in 
free gas form, while the injected CO2 is mainly in adsorbed form (ca 4 
times more moles are adsorbed than free gas). This demonstrates the 
efficiency of CO2 to release CH4 while itself is stored. 

 

Figure 34 Total pressure distribution (left), CH4 free and adsorbed content distribution 
(middle) and CO2 free and adsorbed content distribution (right) along the core at 

different CO2 injection pressures. Upper row: distributions after 0.05 d (end of injection 
period). Lower row: distributions after 0.15 d (end of production period). 

After 0.15 days, the total pressure drop has stabilized after production 
and the distributions of total pressure and species at that time are shown 
in the bottom row of Figure 34. Again, it is seen that although the total 
pressure is uniform and advective flow thus has stopped, the 
compositional distributions are non-uniform. The mixing of the gas 
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components and the preferential adsorption of CO2 has caused CO2 to 
remain in the matrix in gas phase and adsorbed phase when the total 
pressure has stabilized. Accordingly, CH4 has followed the gas mixture 
out of the system during pressure depletion. 

To examine the role of diffusion on CO2-EGR the previous example was 
repeated with the diffusion coefficient 𝐷௜ being varied from 10ି଼ to 
10ି଺ m2/s. The injection well pressure was the same in all cases; 𝑃௪௘௟௟ =

350 bar, while the initial and production pressures were as before 𝑃௠଴ =

250 bar and 𝑃௪௘௟௟ = 50 bar. The effect of diffusion on total pressure vs 
time is relatively small as seen by Figure 35 (left). However, at larger 
values of the diffusion coefficient a positive effect is seen on recovery 
(right in Figure 35). That is explained by examining the compositional 
distributions seen in Figure 36. At higher diffusion coefficients CO2 is 
able to migrate deeper into the system and reduce compositional 
gradients in the system. CH4 displaced from the inlet region retains a 
higher partial pressure compared to cases with less significant diffusion. 
When production starts less of the CH4 is then located at the outermost 
boundary of the system. More of the produced gas composition will be 
composed of CH4 and subsequently recovery increases. 

 

Figure 35 Total pressure (left) and CH4 recovery (right) vs time after injecting CO2 from 
t=0 to t=0.05 d and then producing the remaining time. Diffusion coefficients 𝑫𝒊 (in m2/s) 

are varied. 
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Figure 36 Total pressure distribution (left), CH4 free and adsorbed content distribution 
(middle) and CO2 free and adsorbed content distribution (right) along the core at 

different diffusion coefficients 𝑫𝒊 (in m2/s). Upper row: distributions after 0.05 d (end of 
injection period). Lower row: distributions after 0.15 d (end of production period). 

4.3.3.2 Field scale 

In this section, we investigate the effect of CO2 injection on enhanced 
CH4 recovery in a field scale scenario. We consider a system with matrix 
length 𝐿 = 20 m and narrow pore radii of 20 μm. Marcellus reservoir 
pressure of 𝑃௠଴ = 350 bar is used as initial value. Cyclic production and 
injection is performed as follows: First 𝑃௪௘௟௟ is set to 150 bar (less than 
𝑃௠଴) to produce for 250 d; then 𝑃௪௘௟௟ is increased above 𝑃௠଴ to 350 bar 
where CO2 is injected for a following 250 d. This cycle is repeated.  

The total pressure vs time is shown in Figure 37 together with gas 
recovery. In addition to the base case, run in the described scenario, we 
compare with corresponding cases for different specific surface areas 
and where, instead of cyclic injection-production, strictly pressure 
depletion to 𝑃௪௘௟௟ = 150 bar is applied. In all cases, changing the well 
pressure correspondingly lowers or raises the reservoir pressure to the 
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same levels defined by the well (350 or 150 bar). Note that greater length 
dimension and lower matrix apparent permeability (see Figure 32) 
compared to the core scale has increased the time scale of 
injection/production from 0.05 to 300 d.  

Increasing the specific surface area 𝐴 increases the time needed to 
establish the well pressure in the matrix. Adsorption increases the 
capacity of the matrix to store CO2 and delays its propagation. As shown 
by Berawala et al. (2019) in a single component setting; adsorption 
processes increase the time scale for gas pressure to establish. As shown 
in Figure 29 increased specific surface area increases the GOIP, but the 
overall recovery factor is reduced during pressure depletion. That is also 
seen in Figure 37 for the dashed lines.  

At each cycle where CO2 is injected, and gas is produced to total pressure 
equilibration; recovery increases incrementally. That is a result of 
increasing the compositional content of CO2 every time CO2 is injected, 
which releases CH4 in the produced mixture. By comparison with Figure 
30, a higher recovery is obtained as 𝑃௖/𝑃௠ increases for each cycle. 

 

Figure 37 Total pressure (left) and gas recovery (right) vs time for field scale simulation 
cases; cyclic CO2 injection – gas production is compared with regular pressure depletion. 

Specific surface area is varied.  
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Figure 38 Total pressure distribution (left), CH4 free and adsorbed content distribution 
(middle) and CO2 free and adsorbed content distribution (right) along the matrix at 

different CO2 injection pressures. Top row – distributions after 400 days (first injection 
cycle). Bottom row- during production period after 650 days. 

The distributions of total pressure and components are shown in Figure 
38 after 400 d (in the middle of the first injection period) and 650 d (in 
the middle of the second production period). The cases with higher 
specific surface area 𝐴 have not stabilized at that time and show less 
uniform total pressure profiles. At increased 𝐴 a higher amount of CO2 

is stored (seen by comparison of the areas under 
௉೎

௉೟బ
+

௔ො೎

௉೟బ
 in the right 

figure in top row) although injection has happened during the same 
period of time. That is the case because CO2 adsorption is predicted to 
lower the total pressure compared to if adsorption was not taking place 
and thus the injection rate, driven by the (total) pressure difference 
between well and matrix is increased. More CO2 is also stored when 
reducing the well pressure, since the surface has great affinity for this 
component. Although more CO2 is stored and CH4 is produced at higher 
specific surface area, that is strongly associated with the higher capacity 
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and the efficiency of the process is expected to be lower; considering 
Figure 37 the recovery is lower when specific surface area increases. 

 

Figure 39 Cyclic CO2 injection – gas production for different specific surface area and 
diffusion coefficients. 

Finally, the role of diffusion in the cyclic injection-production scenario 
is considered. Figure 39 shows total pressure and recovery as function 
of time for different diffusion coefficients at the base (red color) and 
4xbase (blue color) value of specific surface area 𝐴. At base 𝐴 the total 
pressure response to changes in diffusion coefficient is not very 
noticeable. Diffusion can determine how easily CO2 spreads. If there is 
little diffusion the surface capacity near the inlet is quickly equilibrated 
and any loss in total pressure is associated with a small portion of the 
system. However, if CO2 manages to spread over a great part of the 
system by diffusion the surface will take up much of the CO2 and reduce 
the total pressure to greater extent. For this reason, we see total pressure 
being lower with a high diffusion coefficient than a high diffusion 
coefficient in the first injection cycle (the remaining cycles are history 
dependent and more difficult to interpret). For a system with little 
capacity for adsorption this difference will be minor, but significant 
when the surface capacity increases. For that reason, there is more 
sensitivity in the 𝐴 = 4xbase cases than the 𝐴 = base cases. 

The effect diffusion has on recovery is mainly positive. A higher 
diffusion coefficient raises the end recovery factor obtained in a given 
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cycle. Primarily that is due to applying the storage capacity across the 
matrix and making CH4 accessible to the well. 

4.4 Review results – parameters influencing gas 
sorption on shale 

This section summarizes the important findings and literature review 
results on parameters influencing gas sorption in shale reservoirs. Most 
sorption studies are available on gas shale samples of original 
composition or pure individual shale components. The literature 
indicates that shale adsorption capacity correlates directly to factors that 
can generate more micropores, but inversely to factors that reduce or 
plug micropores. This is because small pores generate larger surface area 
and stronger adsorbate-adsorbent interaction energy which results in 
greater adsorption. Sorption experiments on samples from across the 
world (see Figure 40) have been reviewed in this section to gain insight 
into the relationship between sorption, rock compositional and 
geological features to outline the major factors that controls gas sorption 
capacity of shales. 
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Figure 40 : Worldwide illustration of shale formations actively investigated by 
researchers. The numbers are purely based on the literature reviewed in this study with 
focus particularly on CH4 and CO2, sorption tests and auxiliary evaluations relevant to 

CO2-ESGR. 

 Influence of organic matter (richness) on gas 
sorption 

The shale organic matter (OM), also known as kerogen, is associated 
with the in-situ generation of hydrocarbons. The organic richness is 
frequently expressed by the Total Organic Carbon (TOC). It is primarily 
responsible for the microporous nature of shale and is the main 
contributor to the surface area and total pore volume (Cao et al., 2015; 
Zhou et al., 2018). The TOC wt% of the shale varies substantially among 
shale reservoirs and within a formation itself. Table 10 shows the TOC 
content reported for some shale gas plays. Although these values may 
not exactly be large, the microporosity associated with the organic 
fraction is the principal control on CH4 and CO2 sorption; there the 
trapping forces are enhanced due to coalescing of molecules and overlap 
of interaction energies between the sorbed gas molecules (Thommes, 
2010). In stark contrast, immature gas shales with appreciable matrix 
bituminite can store gas by dissolution and may demonstrate large sorbed 
gas capacities that are unrelated to micropore volume (Ross & Bustin, 
2009). Bituminite, originally described by Teichmüller (1971), could be 
considered as a semi-solid portion of degrading organic matter that lacks 
definite shape or form (Kus et al., 2017). It is often present in immature 
source rocks and may have a dominantly fluidal or granular internal 
structure within which gases could be stored by dissolution.  
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Table 10: Typical TOC of some shale plays and formations (fm.) adapted from Chalmers 
and Bustin (2007); Ross and Bustin (2007a, 2008); Ambrose et al. (2010); Zhang et al. 

(2012); Wang et al. (2013). 

Region Shale/Play TOC (wt%) 

North – American Shale 
systems, U.S 

Barnett 2.5 -7.9 

Marcellus 1-10 

Haynesville 0 – 8 

Horn River 3 

Woodford 5 

Northeastern British 
Columbia region, Canada 

Lower Jurassic fm. 0.8 – 11.8 

Lower cretaceous fm. 0.53 – 17 

Poker Chip fm. 0.8 – 2.2 

Western Canada Basin 

Besa River fm. 0.9 – 5.7 

Horn River fm. 2.5 – 3.5 

Muskwa fm. 0.4 – 3.6 

Fort Simpson fm. < 1 

Mattson < 1.2 

Sichuan Basin, China 

Qiong-zhu-si fm. 0.5 – 4 

Long-ma-xi fm. 0.5 – 2.3 

Da-long and Long-tan fm. 1.0 – 10 
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Figure 41: Correlation between TOC and CH4, CO2 sorption capacity of dry and 
moisture equilibrated shales. Data points are representative of langmuir volume reported 
in the evaluations of (Nuttal et al., 2005; Ross & Bustin, 2009; Weniger et al., 2010; Zhang 

et al., 2012; Wang et al., 2013; Gasparik et al., 2014; Heller & Zoback, 2014; Luo et al., 
2015; Hong et al., 2016; Cancino et al., 2017; Pozo et al., 2017; Zhou et al., 2018).The 
regression constants of both species are relatively high and extrapolation to zero TOC 

content shows impact of auxillary sorption sites. 

The reviewed literature confirms that CH4 and CO2 sorption capacities 
on shale is strongly correlated with TOC. A strong positive linearity is 
observed for CH4 and CO2 sorption datasets (Ross & Bustin, 2007a, 
2008, 2009; Zhang et al., 2012; Wang et al., 2013; Heller & Zoback, 
2014; Hong et al., 2016; Cancino et al., 2017; Zhou et al., 2018) sourced 
from experimental measurements on a wide range of shale samples 
(Figure 41). The regression factors for both CH4 and CO2 are relatively 
high under both dry and moist conditions and demonstrate the shale TOC 
to have primary control on adsorption of either gas species. It is 
interesting to note that the regression constants for both species is higher 
for moisture-equilibrated samples relative to dry samples. This implies a 
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much stronger correlation of gas adsorption to TOC in the presence of 
water and could infer that water adsorbs primarily to water-wet inorganic 
(i.e. clay) mineral phases within the shale formation.  

It is noted that extrapolating the regression lines to TOC concentrations 
of zero reveals the influence of other non-organic adsorption sites, hence 
significant deviations from this trend could be observed for individual 
samples depending on the compositional makeup. High-pressure gas 
sorption isotherms reported by Tan et al. (2014) showed sorption 
capacities of samples with similar clay content, thermal maturity and 
moisture content to exhibit even stronger positive linear correlations with 
TOC. The dependence of gas adsorption on TOC content has been 
reported by many other researchers (Manger et al., 1991; Schettler Jr & 
Parmely, 1991; Lancaster & Hill, 1993; Lu et al., 1995; Zuber et al., 
2002; Chalmers & Bustin, 2007; Ross & Bustin, 2007a; Chalmers & 
Bustin, 2008; Ruppel & Loucks, 2008; Beaton et al., 2010; Strapoc et al., 
2010; Weniger et al., 2010; Chareonsuppanimit et al., 2012; Wei et al., 
2012; Gasparik et al., 2014; Rexer et al., 2014; Bi et al., 2016; Wang et 
al., 2016; Yang et al., 2016; Chang et al., 2017; Mendhe et al., 2017; Xia 
et al., 2017; Sharma & Galvis-Portilla, 2018). There are however existing 
studies that have reported little to no correlation between TOC and 
adsorption capacity (Gasparik et al., 2012; Zou et al., 2017). This trend 
is particularly notable in shales with low organic matter content and high 
clay content. 

 Influence of thermal maturity 

Thermal maturity describes the heat-driven diagenetic changes of 
organic matter in sedimentary source rocks to generate hydrocarbons. 
Vitrinite reflectance, Vr, is widely used as indication of thermal maturity 
in shale analysis. It is measured by optical microscopy and reported by 
%Ro (where high %Ro indicates high maturity), the percentage of 
incident light reflected from the surface of vitrinite particles in the shale 
rock. In shales, thermal maturity of organic matter can generate 
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additional micropores (Bae & Bhatia, 2006; Jarvie et al., 2007; Chalmers 
& Bustin, 2008; Loucks et al., 2009; Ambrose et al., 2010; Sondergeld 
et al., 2010; Curtis et al., 2011; Bernard et al., 2012; Ma et al., 2015; Wu 
et al., 2017; Delle Piane et al., 2018; Zheng et al., 2018). This is due to 
the structural transformation of organic matter during maturation that 
generates smaller (nano-micro scale) pores as kerogen is thermally 
converted. The generation of more micropores with organic matter 
maturity increases the adsorption capacity.   

It was previously suggested (Ramos, 2004) that the strong correlation 
between sorption and TOC masks the relationship between adsorption 
capacity and thermal maturation. However, Ross and Bustin (2009) 
found the sorption capacities of low TOC (0.2 – 4.9 wt%) overmature D-
M shale samples (1.6% < Ro < 2.5%) to be higher than for high TOC (1.4 
– 11.8) immature Jurassic shales (Ro < 1.2%). This was qualitatively 
attributed to creation of sorption sites, and/or opening up microporosity 
onto which gas could sorb from structural transformations of the organic 
matter during thermal maturation. Nonetheless, other researchers have 
found concomitant decrease in CH4 sorption capacity with increasing 
maturity (Chalmers & Bustin, 2007, 2008). This suggests, as previously 
pointed out by Schieber (2010) that intraparticle OM pore generation in 
thermally matured rocks may depend on the OM type. Loucks et al. 
(2012) also reported absence of OM pores in a matured (Ro of 0.89%) 
shale sample from the Atoka formation in the Midland Basin. The 
relationships established for any specific shale system, therefore, may 
not be directly applied elsewhere. But in general, the reviewed literature 
indicates that overmature and high TOC samples will show higher 
sorption capacity for both CH4 and CO2 than the low mature and low 
TOC shales.  

Some literature also reports thermal maturity to have noticeable effect 
on the shape of excess isotherms. Zhang et al. (2012) reported the 
methane Langmuir pressure, PL of three Barnett shale samples (%Ro = 
0.58, 0.81, 2.01) to distinctly shift towards lower pressures from the 
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immature to overmature gas shale samples under the same temperature 
conditions. Similar trends have been reported by Gasparik et al. (2014) 
and Tan et al. (2014). In a related study, Gasparik et al. (2012) also found 
positive correlation between TOC-normalized sorption capacities and 
maturity for black shales, but the trend became negative for over matured 
samples with Ro in a range of 2.8 – 3.3%. 

 Influence of Kerogen Type 

Although TOC content has a superior control on gas sorption in shales, 
another key factor is kerogen type. Kerogen is the fraction of organic 
matter in sedimentary rocks (in this case, shale rocks) that is insoluble in 
organic solvents. It is formed from the decomposition of organic matter 
and is the precursor of hydrocarbon generation in source rocks. Kerogen 
is categorized as either Type I, which consists mainly of algal and 
amorphous kerogen and is highly likely to generate oil; Type II, which 
is formed from mixed terrestrial and marine source materials and can 
generate both oil and gas (but mostly waxy oil); and Type III, which is 
formed from terrestrial plant debris and typically generates gas upon 
maturation. In essence, the kerogen type depends on the source rock 
material and the deposition environment (Seewald, 2003; Boyer et al., 
2006; Vandenbroucke & Largeau, 2007; Glorioso & Rattia, 2012). 

Chalmers and Bustin (2008) investigated CH4 sorption capacity for the 
Lower Cretaceous Buckinghorse Formation in Canada and found that per 
unit TOC volume basis, the capacity trend was Type II/III mixtures > 
Type III > Type II > Type I. They attributed this to Type III kerogen 
being more mature and generating more hydrocarbons and micropores at 
a given temperature compared to the other kerogen types. Zhang et al. 
(2012) conducted high pressure (0-16 MPa) methane sorption tests on 
organic-rich bulk shale samples and their isolated kerogens, with thermal 
maturity and kerogen type being the main variation in the samples. At all 
temperature conditions (35, 50, 65 °C), the CH4 sorption capacity was in 
the order of Type III > Type II > Type I (Figure 42). The trend was 
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attributed to extensive aromatization from immature (Type I) to 
overmature (Type III) organic matter. They indicated that the 
progression from kerogen Type I to Type III, represents an increase in 
the relative fraction of aromatic hydrocarbons compared to the aliphatic 
and naphthenic hydrocarbons, as reported by other researchers (Tissot & 
Welte, 1984; Helgeson et al., 2009). The findings of Zhang et al. (2012) 
depict methane adsorption to be influenced by the chemical structure of 
the organic matter. The details and concept of the effects exerted by 
organic functional groups on gas adsorption, particularly CO2 is not well 
addressed in the literature and deserves further investigation. We also 
note, as indicated by Loucks et al. (2012) that different kerogen types 
exhibit differing propensities to the development of intraparticle OM 
pores. The storage capacity trend reported for a shale Basin system based 
on kerogen types may therefore not be applicable to shales from different 
Basins. This complicates the generalization of the effects that kerogen 
type exerts on adsorption capacity. We recommend further studies on the 
association of OM pores and kerogen type to elucidate this phenomenon. 

 

Figure 42 Effect of kerogen type on methane sorption capacity at different temperatures 
(Zhang et al., 2012). 
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 Influence of Inorganic components 

Shale usually contains clay, quartz or carbonate mineral phases with 
trace amounts of albite and pyrite. These inorganic constituents 
contribute enormously to the surface area and influence pore size, 
cumulative porosity and sorption properties. Particularly, the clay 
minerals are reported (Slatt & O'Brien, 2011; Milliken et al., 2013) to 
contribute to the shale micropore volume. In contrast to coals, where 
mineral matter seems to have little influence on CH4 sorption capacity 
(e.g. Faiz et al., 1992; Rice et al., 1993; Bustin & Clarkson, 1998) but 
significantly affects CO2 sorption (e.g. Karacan & Mitchell, 2003; 
Weniger et al., 2010), mineral components in gas shale systems have 
been proven to have appreciable sorption capacity for both gases 
(Aylmore, 1974; Heller & Zoback, 2014).  

Preliminary adsorption studies on Devonian gas shale samples by 
Schettler Jr and Parmely (1991); Lu et al. (1995) exclusively highlighted 
the inorganic clay minerals to contribute as sorption sites in shale 
systems due to their microporous nature. Schettler Jr and Parmely (1990) 
originally postulated TOC to be of secondary importance in shale 
systems with low organic content. This conclusion was later reiterated 
by Busch et al. (2008) who attributed the high CO2 sorption capacity of 
Muderong shales (TOC < 0.5%) entirely to its clay mineral constituents. 
The strong positive correlation of shale clay content to sorption capacity 
is emphasized in other reports (Chalmers & Bustin, 2008; Gasparik et 
al., 2012; Luo et al., 2015; Wang & Yu, 2016; Lutyński et al., 2017) 
where low TOC shale samples demonstrated high sorption due to their 
high clay contents. The specific influence of clay on shale sorption, 
however, is less evident in shales with high TOC content (Wang et al., 
2013; Gasparik et al., 2014; Tan et al., 2014; Bi et al., 2016). 

The microporous crystal layers of clay serve as ideal adsorption sites due 
to the large surface area (Venaruzzo et al., 2002). The contributions 
differ with clay type. Ross and Bustin (2009) reported clay-rich (low 
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Si/Al ratio) shales to have superior gas storage capacities over their 
silica-rich (high Si/Al ratio) counterparts. Ji et al. (2012) conducted 
sorption experiments (up to 15MPa) on dried clay-rich rocks at varying 
temperatures (35 – 65 °C) to shed light on the relative influence of clay 
type on methane adsorption. They established physisorption as the 
dominant mechanism for CH4 adsorption on clay and noted sorption 
capacity to proceed in the order of montmorillonite > illite/smectite 
mixed layers > kaolinite > chlorite > illite. High-pressure CO2 sorption 
experiments on pure clay minerals showed Ca-rich montmorillonite to 
have greater storage capacity than Na-rich montmorillonite (Busch et al., 
2008). Gas shale reservoirs are dominated by illite (Jarvie et al., 2001; 
Gasparik et al., 2012), possibly due to the illitization of kaolinite and 
smectite which occurs at temperatures between 80 and 120 °C (Pytte & 
Reynolds, 1989). The temperatures of high organic content shale systems 
is in the range 96 to 277 °C (Lu et al., 2016). It is likely that at adequate 
conditions (especially in tropical zones) a blend of chemical and 
temperature gradient change could trigger a transition from illite to 
smectite (Eberl, 1984). This may occur particularly for uplifted shales 
exposed to weathering (e.g. shallow reservoir sections and outcrops). 
Since smectite has larger surface area (Šucha et al., 2001) and thus 
greater sorption, this could lead to potential overestimation of gas storage 
capacity during shale gas exploration. Additional study is recommended 
to understand the possibility of illite-smectite reversal transformation in 
clays found in shale formations. 

It must be pointed out that clays are naturally hydrophilic and may 
present experimental challenges when correlating shale sorption capacity 
to clay content. For example, Chalmers and Bustin (2008) observed that 
the TOC-normalized CH4 sorption capacity in dry samples from the 
Bucking horse formation in Canada positively correlated with clay 
content whereas no correlation existed for moisture equilibrated samples. 
Data obtained from as received or moisture equilibrated, and dried 
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samples should therefore be evaluated carefully to accommodate this 
fundamental clay-water affiliation. 

 Influence of moisture 

Moisture is reported to correlate positively with organic matter and clay 
content in shale formations (Chalmers & Bustin, 2007; Passey et al., 
2010) which makes it a crucial subsurface component to be analyzed in 
sorption experimental procedures. Many authors have addressed the 
effect of moisture on gas adsorption by comparing the adsorption 
capacity of dry samples and moisture equilibrated samples (Lu et al., 
1995; Ross & Bustin, 2007a; Busch et al., 2008; Ross & Bustin, 2009; 
Gasparik et al., 2012; Aljamaan, 2013; Gasparik et al., 2014; Tan et al., 
2014; Yuan et al., 2014; Yang et al., 2016; Zou et al., 2018) The result 
indicates that sorption capacity decreases with increasing moisture 
content until a certain equilibrium (critical) moisture content is attained 
for the sample. This equilibrium moisture content is representative of the 
maximum moisture saturation that can adsorb on the shale surfaces.  

When present, water sorbs strongly on organic functional groups 
containing oxygen via hydrogen bonding (Dubinin, 1980) and has 
secondary tendencies to interact with pre-adsorbed water and charged 
surfaces of mineral matter (especially chemisorptive clay). Thus, besides 
attaching to primary (water-wet) sorption sites in the clay matrix, 
molecular water also competes with CO2 and CH4 for adsorption sites 
and causes a reduction in the gas sorption capacity. In shales, besides 
attaching onto surfaces, water molecules can condense in inorganic 
pores, occupying the smaller capillaries first before filling the larger 
pores as relative humidity increases (Zolfaghari et al., 2017a; Zolfaghari 
et al., 2017b). The water molecules can also aggregate as clusters at high 
pressure (Aljamaan, 2013; Yang et al., 2016; Huang et al., 2018) to block 
gas-enterable pores and serves as an added negative effect on gas 
sorption capacity.  
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Figure 43 Effects of moisture content on methane maximum sorption capacity at 55°C 
(Fan et al., 2018). 

The equilibrium moisture content depends on the shale maturity, organic 
richness and organic type (Chalmers & Bustin, 2008). The value for 
selected European gas shale samples was estimated (Gasparik et al., 
2014) to be at or below 75% relative humidity (RH). Merkel et al. (2015) 
reported similar values for the moisture saturation threshold (50 – 75% 
RH) of Bossier and Haynesville shales from the U.S. A recent report by 
Fan et al. (2018) indicated that the methane sorption capacity versus 
moisture content exhibited three distinct decreasing stages separated by 
two threshold moisture contents (Figure 43). They performed CH4 
sorption experiments on gas shale samples from the Sichuan Basin in 
China at 35, 45 and 55 °C and pressures up to 10MPa. They attributed 
the initial reduction (stage I) to competitive adsorption between water 
and methane until an extended stagnant period (stage II) where all 
possible hydrophilic sites are filled. They postulated that water 
condensation in the clay pores and some organic hydrophobic pores was 
responsible for the late convex-like decrease (stage III) in the adsorption 
capacity. The moisture effect is however reported to be masked in high 
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TOC and over mature gas shales (Ross & Bustin, 2007a; Wang & Yu, 
2016). 

 Influence of temperature  

Thermodynamically, adsorption is an exothermic process and the effect 
of changing the equilibrium temperature is hinged to the Le Châtelier 
principle. Therefore, less adsorption is expected with increasing 
temperature. This relation was first reported for shales by Lu et al. (1995) 
who investigated sorption as a function of both pressure and temperature 
on Devonian shales and showed the sorption capacity to decrease with 
temperature. Recently, Merey and Sinayuc (2018) confirmed through 
adsorption measurements at 25, 50 and 75 °C that adsorption capacity 
increases for both CH4 and CO2 when temperature is decreased. This 
concurs with other experimental evaluations (Guo, 2013; Guo et al., 
2013; Hao et al., 2013; Fan et al., 2014; Duan et al., 2016; Chang et al., 
2017; Pozo et al., 2017; Zou et al., 2017; Liu et al., 2018). 

Zhang et al. (2012) reported that the decrease in sorptive capacity with 
temperature occurred on both bulk gas shale samples (of original 
composition) and their isolated kerogens. Gasparik et al. (2014) 
constructed methane isotherms at experimental temperatures ranging up 
to 100 °C for immature (Vr=0.5) and mature (Vr=0.9) shale samples and 
up to 150 °C for over-mature (Vr=1.5) samples and reported that besides 
reduction in sorptive capacity, this sorption capacity was reached at a 
higher pressure when the temperature was increased. This implies that 
for the same sample, adsorption capacity decreases with temperature and 
that less gas can adsorb at lower pressures. The interrelation of adsorbed 
gas amount with temperature and pressure is depicted in Figure 44. 
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Figure 44 Variation of adsorbed CH4 amount with temperature performed on gas shale 
samples of the Ordos Basin in China (Guo, 2013). 

   CO2 versus CH4 sorption on shale  

The first investigation of CO2 and CH4 sorption on the same shale 
material was conducted by Nuttal et al. (2005). They measured 
isothermal CH4 and CO2 adsorption on several Devonian black shales 
from Kentucky and found CO2 absolute mass adsorption to be 
approximately 5 times greater than that of CH4 at the same pressure. 
Following their report, several authors (Weniger et al., 2010; Kang et al., 
2011; Chareonsuppanimit et al., 2012; Aljamaan, 2013; Heller & 
Zoback, 2014; Luo et al., 2015; Charoensuppanimit et al., 2016; Hong et 
al., 2016; Cancino et al., 2017; Pozo et al., 2017) have performed CO2 
and CH4 gas sorption measurements on the same gas shale sample under 
controlled experimental conditions and reported consistently higher CO2 
sorption relative to CH4. The reported CO2/CH4 absolute mass sorption 
ratio ranges between 1.3 to 10 for dry shale samples (Figure 45). The 
ratio is expected to be relatively lower at moist conditions for the same 
shale sample since sorption capacity in general is lower for moist shales 
(see Figure 41). There is limited data in the literature that compares the 
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CO2/CH4 sorption ratio for the same sample at dry and moist conditions. 
Such an experimental study would be relevant to confirm this trend. 

 

Figure 45 CO2/CH4 sorption ratio for different dry shale samples as a function of total 
organic carbon content. Data sets are taken from Langmuir volumes reported in the 

evaluations of Nuttal et al. (2005); Heller and Zoback (2014); Luo et al. (2015); Hong et al. 
(2016); Cancino et al. (2017); Pozo et al. (2017). 

The relative sorption capacity of gas shale materials for either CO2 or 
CH4 is controlled by the respective interaction energy (thermodynamic 
forces), molecular size and accessibility of each gas type to the 
microporous network of the shale matrix system (steric forces). The 
tetrahedral molecular geometry of CH4 is somewhat rounded, compared 
to CO2 which has a linear molecular geometry.  The dynamic diameter 
of CO2 is about 0.33 nm as compared to 0.38 for CH4 (Duan et al., 2016). 
The effective size of CO2 is therefore smaller and can access narrower 
pores in the shale matrix and contacts a greater volume of the shale 
system (Kang et al., 2011). The reviewed experimental results depict that 
the steric and thermodynamic controlling parameters favor adsorption of 
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CO2 over CH4 in gas shales. The mechanism of CO2 accessibility is 
reportedly enhanced at supercritical conditions where gaseous CO2 
transitions to supercritical CO2 (Sc-CO2). Sc-CO2 is completely wetting 
to the shale rock, with liquid-like density, but with viscosity and 
diffusive properties close to gas behaviour (Wang et al., 2012). This 
unique physicochemical feature can improve the volumetric sweep 
during CO2 injection and potentially increase the CO2 subsurface storage 
amount by allowing Sc-CO2 to contact more available sorption sites 
deeper within the formation.  

Binary CO2-CH4 and mixed-gas sorption experiments evaluating the 
selectivity of gas shales for either gas species under the same pressure 
and temperature conditions have also been recently reported on the same 
shale sample in the literature. In these tests, a gas detection device (e.g. 
gas chromatograph) supplements the conventional sorption experimental 
setup that allows the determination of the gas mole fraction of each 
species in the mixture. During the tests, the shale samples are initially 
saturated with varied molar ratios of CO2 and CH4 at the desired 
experimental conditions. The majority of these authors (Pusch et al., 
2012; Luo et al., 2015; Duan et al., 2016; Cancino et al., 2017; Huang et 
al., 2018; Ma et al., 2018) observed preferential adsorption of CO2 over 
CH4. It is reported that the selectivity of CO2 in a gas mixture experiment 
evolves with pressure and is significantly higher at low pressures 
(Cancino et al., 2017) most likely due to the dominance of micropore 
filling associated with low temperatures. The adsorption selectivity 
parameter (represented as α) is frequently used to evaluate the 
competitive adsorption between CO2 and CH4 and given as (Duan et al., 
2016):  

(87)  ∝஼ைమ ஼ுర⁄ =
𝑥஼ைమ 

𝑦஼ுర

𝑥஼ுర
𝑦஼ைమ

 =
𝑉௅஼ைమ 

/𝑃௅஼ைమ 

𝑉௅஼ுర
/𝑃௅஼ுర

 

where x and y variables are the molar fractions of the gas species in the 
adsorbed phase and free gas phase respectively for gas mixture 
evaluations and VL, PL are the Langmuir parameters. A value of 
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∝஼ைమ ஼ுర⁄ > 1 suggests that adsorbed CH4 can be displaced by CO2. 

Larger values represent stronger displacement capacity of CO2 over CH4. 
The CO2 selectivity over CH4 depends on shale matrix composition and 
pore structure. For iso-TOC samples, high clay content and micropores 
favours higher ∝஼ைమ ஼ுర⁄  (Duan et al., 2016). The variation of ∝஼ைమ ஼ுర⁄  

for some selected shales in China and the U.S are shown in Figure 46 
where the selectivity is seen to decrease with increasing TOC.  

In coals, preferential adsorption of CH4 over CO2 in mixed-gas sorption 
experiments has been reported, particularly at low pressures (Crosdale, 
1999; Busch et al., 2003; Busch et al., 2006; Majewska et al., 2009). In 
shale samples, however, consistent CO2 preferential adsorption in the 
entire pressure range has been experimentally proven and verified by 
simulation studies (e.g Merey and Sinayuc 2016). These experiments are 
however limited, and further studies of multi-component sorption in gas 
shales is recommended to validate the trend.  

 

Figure 46 Variation of shale adsorption selectivity ∝𝑪𝑶𝟐 𝑪𝑯𝟒⁄  different dry shale samples 
from China and the U.S. as a function of total organic carbon content (Heller & Zoback, 

2014; Pei et al., 2015; Duan et al., 2016; Cancino et al., 2017). 
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 Current practice of dynamic CO2-CH4 exchange 

In gas shales, the experimental approaches to evaluate CO2-CH4 
exchange and gas recovery have been conducted implicitly by measuring 
how effectively CO2 can replace already adsorbed CH4 in a closed 
system. The procedures differentiate between the CO2 and CH4 
molecules existing as adsorbed or free phase throughout the dynamic 
CO2-CH4 exchange within the shale sample at specific time steps.  
During these tests, usually shale material (which is often crushed) is 
initially saturated with CH4 at desired experimental conditions and 
allowed to equilibrate before CO2 is injected at specified criteria. The 
CH4 recovery yield is quantified by the resulting amount of originally 
adsorbed CH4 released from the adsorbed state.  

Some authors have employed the usual Gibbsian surface excess (GSE) 
variable for computations through the application of conventional 
sorption techniques, whereas others have used fluid detection 
techniques, like Nuclear Magnetic Resonance (NMR), for evaluation. 
NMR characterizes the existing states of hydrogen (1H) proton-
containing fluids existing within a porous media (Coates et al., 1999). 
NMR-based techniques have been used successfully for petrophysical 
characterization of nano-porous structures in coal and gas shale (Mullen, 
2010; Jin et al., 2017; Yin et al., 2017b; Zhou et al., 2018), monitoring 
flow and dispersion in porous media (Manz et al., 1999),  evaluating CO2 

and CH4 self-diffusion (Pusch et al., 2012) and CO2 sorption on rock 
surfaces (Bernin & Hedin, 2018). A summary of the various findings 
from CO2-CH4 exchange tests are presented in Table 11. 
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Table 11 : Experimental studies of CO2-CH4 dynamic exchange conducted on shales. 

Author 
(s) 

Location Procedure 
Operating 
Conditions 

Findings Cons 

Huo et 
al. 
(2017) 

Longmaxi 
shales, 
China 

Volumetric-
based 
method 
applied to 
dried 
crushed 
samples 

Fixed 
temperature 
of 45 °C. 
Constant 
initial 
equilibrium 
pressure of 
CH4 of 
4.5MPa. CO2 
injection at 
varied 
pressures of 
5.2, 6.3, 7.3, 
8.4, and 9.3 
MPa. Final 
system 
equilibrium 
pressures 
ranged were 
4..7, 5.6, 6.5, 
7.5 and 8.4 
MPa 
respectively 

The amounts of 
recovered CH4 
and stored CO2 
increase with 
CO2 injection 
pressure. CH4 
recovery yield 
was higher for 
shales with 
smaller 
micropores (i.e. 
having lower 
CH4 adsorption 
performance) 

Inherent 
uncertainties 
of evaluating 
excess 
sorption 
measurements. 
Final system 
equilibrium 
pressure not 
allowed to 
reach injection 
value. It is 
unclear what 
determined 
when to stop 
the test for 
each injection 
pressure step 

Liu et 
al. 
(2017)  

Longmaxi 
shales, 
China 

Nuclear 
Magnetic 
Resonance 
(NMR) 
based 
method on 
dried 
crushed 
samples 

Fixed 
temperature 
of 35 °C. 
Varied initial 
equilibrium 
pressure of 
CH4-saturated 
sample of 
0.1MPa and 
1.5MPa. CO2 
injected at 
constant 
pressure of 
4.5MPa 

CO2 injection 
improved 
recovery yield 
of CH4 in the 
adsorbed phase 
by an additional 
~25%.  

Rather 
simplified 
laboratory 
conditions 
devoid of 
relevant in situ 
reservoir 
complexities 
(e.g High 
temperature, 
high pressure, 
presence of 
water). 
Uncertainties 
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Zhao 
and 
Wang 
(2018) 

Longmaxi 
shales, 
China 

NMR-based 
technology 
on dried 
crushed 
samples 

Fixed 
temperature 
of 25 °C. 
Initial 
equilibrium 
pressures of 
the CH4-
saturated 
sample was 
~10MPa. CO2 
injection 
pressure not 
specified. 
Final 
equilibrium 
system 
pressures 
varied 
between 11.8 
to 12.5 MPa. 

Decreased 
adsorbed molar 
amounts of CH4 
due to CO2 
injection. They 
suggested the 
inclusion of 
secondary 
stimulating (e.g. 
hydraulic 
fracturing) 
methods in the 
design of shale 
CO2 injection 
since the CH4 
was 
predominantly 
restricted to the 
pore center after 
desorption by 
CO2 exchange. 

in NMR 
detection 
capabilities, 
particularly in 
the presence of 
e.g. moisture, 
pyrite      

4.5 Discussions and limitations 

In part one of this project, we have presented a mathematical model for 
production of shale gas by considering shale matrix with an induced 
fracture extending from a well perforation. Shale gas is stored in the 
matrix as free gas and in adsorbed form, the latter modelled by a 
Langmuir isotherm. The extended model accounting for non-Darcy flow, 
gas slippage, apparent permeability is also presented. The role of 
geometrical and intrinsic properties of the fracture-matrix system were 
investigated and further interpreted by dimensionless numbers. The 
proposed 1D+1D model is a useful tool to evaluate sensitivity of 
parameters such as fracture and matrix permeability, perforation interval, 
fracture geometry, adsorption and compressibility on shale gas 
production. The model is simple enough to allow for qualitative 
understanding of the role of these parameters individually. However, the 
model presented in 3.1.3 is limited to continuum and slip flow regime 
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where the gas transport is governed by viscous forces and Knudsen 
diffusion is neglected. This assumption is valid for gas transport from 
near well and well-induced fracture region where perforations and jetting 
of high viscous fluid causes pore size to be sufficiently large. Yao et. al. 
(2013) showed that for a mean equivalent pore radius equal to or greater 
than 0.1 µm, the production predicted by the Darcy equation is very close 
to that predicted by other models considering Knudsen diffusion. The 
model (3.1.3 to 3.1.4) considers flow of gas only from stimulated 
reservoir volume, i.e. the domain affected by the hydraulic fracture. 
However, flow of gas from beyond the tip of fracture and crossflow 
could also contribute to overall recovery. Moreover, the model assumes 
ideal gas with constant viscosity. The density and viscosity of shale gas 
varies significantly due to the associated high pressures. These effects 
should be evaluated before extending the model to field scale 
application.  

The model can further be extended to account for geomechanical effects. 
The changes in porosity and permeability with effective stress can be 
captured and scaled in a similar way as presented giving rise to new 
dimensionless numbers. One such model was developed and presented 
in master thesis by Negård (2018) which we had supervised as part of 
this project. 

The CO2 injection model presented in 3.1.5 examines CO2-ESGR during 
huff-and-puff injection to better understand the parameters controlling 
its feasibility and effectiveness. The mathematical model is presented 
where the CO2-CH4 substitution mechanism is implemented in an 
injection-production setting representative of field implementation. 
Experimental adsorption data were used to quantify the substitution 
parameters while typical field data were used for the operating and 
geometrical conditions. Through a series of simulations, the most 
amenable characteristics of the system are identified with emphasis on 
the critical parameters that control the success of CO2 injection as an 
ESGR process. However, the presented model has some limitations. 
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Only gas phase is considered in the model. More viscous and dense water 
is often used as the major source of fracturing fluid and its influence 
generally needs to be evaluated. If the water is at immobile saturations, 
the presented single-phase model can still be applied if effective 
permeability and adsorption measurements are available for input. 
Secondly, ideal gas behavior (𝑍 = 1) is considered for both CO2 and CH4 
gases for simplicity in the model. The gas deviation factor for the CO2-
CH4 mixture varies in the range of 0.6 to 1.1 for pressures and 
temperature relevant to our study; 5 to 350 bars and 50℃ (Adisoemarta 
et al. 2004). The use of accurate 𝑍-values in the model might affect the 
results quantitatively. However, we still expect to see similar trends as 
already presented. Moreover, the effect of changing stresses in the matrix 
due to injection of CO2 and production of CH4 on reservoir properties 
and gas recovery should be evaluated.  

Another aspect which is not considered in the model is the CO2 
transmissivity or how fast can CO2 be injected through the well. Gas 
reservoirs are generally well above the critical point of CO2 (pressure of 
73.7 bar and temperature of 31°C and hence CO2 will be in its 
supercritical state and will exhibit certain behavior which deviates from 
a normal gas and will impact the injectivity. Also, gravity will play a role 
at the flow rates considered in the model and hence affects the flow 
behavior of the supercritical CO2 during ESGR. Through a series of 
experiments, Abba et al. (2018) showed that gravity is more dominant at 
lower injection rates. Also, they concluded that CO2 injectivity may 
significantly be affected by the orientation of the injection into the 
displacing reservoir. Such effects are difficult to characterize using a 1D 
model and hence are not considered in this thesis.  

A vast amount of investigations has been carried out to study the 
effectiveness and feasibility of CO2-ESGR. However, some key research 
issues should be looked into:  
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- The majority of experimental work reported in the literature is 
conducted on crushed samples. To our knowledge, only Nuttal et al. 
(2003) reported adsorption data acquisition using an intact core. 
Their report highlighted the experimental difficulty involved since 
they only managed to capture CO2 adsorption isotherm data for a 
single whole core out of twenty-six Devonian black shale samples. 
Using crushed samples is a quick and convenient means to perform 
measurements on shales, but an obvious trade-off is uncertainty in 
whether the data would be representative of actual reservoir 
conditions since it alters the structure of the porous medium (e.g. 
micro-fractures) and could lead to misrepresentative estimates of 
formation characteristics.  

- The impact on gas sorption (i.e. isotherm shape) from organic matter 
content (TOC) and maturity, temperature and pressure and clay and 
moisture content are all relations that deserve attention. Particularly, 
lowered PL values (associated with decreasing temperature or higher 
maturity) indicate that CH4 will desorb more readily at lower 
pressures on higher maturity shales. Such affinity to remain sorbed 
in matured shales indicates that a greater reduction in CH4 partial 
pressure will be required to desorb CH4 during production. The 
selectivity of the surface towards CO2 can be the solution to release 
the strongly sorbed CH4 and is in such cases even more important to 
measure. The question of how significant adsorbed gas will be to 
overall production is a key concept and further investigation is 
required to properly correlate the PL reduction to these parameters. 
Furthermore, measuring the density of the adsorbed gas phases is a 
key parameter in the commonly used modelling approaches that has 
not received much attention in experimental assessments.  

- A notable concern for CO2-ESGR is the impact of moisture which 
preferentially binds to hydrophilic clay surfaces and reduces sorption 
(and hence CO2 sequestration) potential. Dried samples may 
overestimate the adsorption capacity. Although water in principle 
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like CO2 can substitute CH4 by adsorbing to hydrophilic surfaces and 
give EGR, water will usually exist also in aqueous phase and cause 
mobility issues related to presence of multiple phases and water 
blocking effects near the wellbore or macro-fractures. Pressurized 
fracking fluids are essential for creating flow paths in the reservoir. 
The standard is use of water, but there is potential in using water-free 
fracking methods (e.g. propane-gel, supercritical CO2). Gas soluble 
fracking fluids should be positive for recovery as well as the 
environment (reduction of produced water). 

- Reports (Heller & Zoback, 2014; Lu et al., 2016; Yin et al., 2016) 
indicate crushed shale to swell (especially for high clay-content 
shales) during gas adsorption which changes both the pore structure 
and roughness. The degree of adsorption-induced swelling is shown 
to vary depending on the shale composition and pore characteristics 
and achieves a stable state when adsorption equilibrium is attained. 
The extent to which swelling during CO2 injection impacts sorption 
isotherms, rock mechanical and hydrological (permeability, 
porosity) properties is crucial.  

- Mechanical weakening of organic-rich gas shales by CO2 saturation 
has been reported, especially for supercritical CO2 (Lyu et al., 2016a; 
Lyu et al., 2016b; Yin et al., 2017a; Lyu et al., 2018a; Lyu et al., 
2018b) This is attributed to the modification of in-situ acid-base 
equilibria that triggers precipitation and dissolution of minerals (Liu 
et al., 2012; Carroll et al., 2013) and the ability of supercritical CO2 
to act as an organic solvent to extract non-polar aliphatic and 
polycyclic aromatic hydrocarbons from shale (Jiang et al., 2016; Yin 
et al., 2016).  This could expand originally present gas seepage 
channels or generate flow channels with influence on the safety of 
sequestered CO2. Most of the experimental results are reported for 
gas saturated shale samples monitored over a couple of days.  
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- Geochemical alterations of Australian Muderong shales were 
suggested to explain differences in specific surface areas before and 
after CO2 sorption experiments conducted at reservoir conditions (T 
= 45–50 °C; P < 20 MPa) (Busch et al., 2008). The inferred 
geochemical changes however could not be quantified and seemed to 
occur only at high pressures. In a subsequent study, Busch et al. 
(2009) assessed the interrelation of CO2-mediated reactions and 
transport properties in the Muderong shale by exposing crushed 
samples to CO2 in the presence of water at 15 MPa and 50 °C for 
different equilibration time periods. They reported significant 
changes (equilibration times < 1 month) in mineralogical 
composition, particularly with the increase of smectite and K-
feldspar contents and reduction in illite content. Mineral changes in 
shale sample plugs have also been reported in the literature 
(Wollenweber et al., 2009; Battistutta et al., 2010). The extent to 
which these changes could influence storage integrity needs further 
investigation. Available data (Angeli et al., 2009; Busch et al., 2010; 
Wollenweber et al., 2010; Edlmann et al., 2013) indicates shale cap 
rocks to be adequately resilient towards CO2 leakage and 
demonstrates an encouraging note for the sequestration of CO2 in gas 
shale systems. 

As seen, production and enhanced recovery of gas from shales is a 
complex process. Sorption is a central mechanism in this interplay. 
Despite this complexity, promising results have been achieved at lab and 
field scales (Louk et al., 2017) and CO2 injection for ESGR is becoming 
a better understood process. 

4.6 Implications on the industry 

The proposed 1D+1D model provides a tool for interpretation of 
complex shale gas production systems. Characterizing the shale gas 
production based on two dimensionless numbers, simplifies the 
complexity and helps to provide intuitive understanding of flow 
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mechanisms and fracture-matrix interaction. It can be used for screening 
of flow regimes at different operational configurations and hence 
appropriate modelling approaches. The model, via the number 𝜔 and 
fracture geometry, can be used to optimize fracture network design and 
potentially in identifying stimulation operations that may significantly 
improve production rates and ultimate recovery from unconventional gas 
reservoirs. Furthermore, the model with non-Darcy flow and the 
introduction of transition factor 𝑓(𝑧) provides a clear understanding on 
exactly where the transition from Darcy to non-Darcy flow occurs 
between matrix to fracture. The transition factor quantifies this transition 
and helps to assess the significance of it on flow performance.  

The second part of the thesis examines CO2-ESGR during huff-and-puff 
injection and provides better understanding of the parameters controlling 
its feasibility and effectiveness. The proposed adsorption isotherm 
provides an alternative way of modelling adsorption based on specific 
surface area rather than number of moles. The strength of the given 
formulation is that we generalize to multilayer adsorption, assign more 
direct physical meaning to the involved parameters and preserve 
parameters such as the total surface area. The isotherm thus helps to 
quantify adsorption behavior under various conditions. The proposed 
model is a useful tool to evaluate both static multicomponent adsorption 
for CO2-CH4 substitution as well as dynamic implementation of CO2 
injection for enhanced gas recovery by coupling the adsorption model to 
relevant transport mechanisms in shale such as diffusion, advection and 
gas slippage. Moreover, the review of the state of research on CH4 and 
CO2 sorption in shale determines gaps in experimental research that 
should be addressed. This work thus enables the industry to identify ideal 
candidates for enhanced gas recovery by CO2 injection and screen 
available gas reservoirs for CO2 storage. Such technology would create 
symbiotic economic drivers for carbon capture, leading towards carbon 
neutral energy production with strategic environmental benefits. 
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 Conclusions and future work 

5.1 Conclusions 

In this thesis, we have presented a 1D+1D mathematical model for 
production of shale gas by considering shale matrix with an induced 
fracture extending from a well perforation. From the numerical 
investigations presented, we draw the following conclusions: 

 The shape of the fracture only matters for narrower average fracture 
width. At high width, no effect of fracture shape was seen on 
production rate and recovery. A wider fracture near the well and 
narrow fracture at its end can increase the early phase production but 
give lower production rates at late times. 

 At sufficiently high fracture permeability, and width the pressure and 
recovery profiles are very similar and do not differ with permeability 
or shape. However, low fracture permeabilities resulted in delayed 
production and greater sensitivity to fracture shape.  

 Scaling the model allowed derivation of two important 
dimensionless numbers controlling the shale gas production; the ratio 
of gas diffusion time scale of the fracture to that of the matrix 𝛼, and 
the ratio of capacity to store gas (free and adsorbed) in the matrix to 
that in the fracture 𝛽.  

 The product 𝛼𝛽 expresses how much time it takes to diffuse the gas 
in place through the fracture to the well compared to the time it takes 
to diffuse that gas from the matrix to the fracture. For 𝛼𝛽 ≪ 1 the 
residence time in the fracture is of negligible importance and fracture 
properties such as shape, width and permeability can be ignored. 
However, if 𝛼𝛽 ≈ 1 the residence time in the fracture becomes 
important and variations in all those properties have significant 
effects on the solution.  

 Due to the parameters appearing in 𝛼𝛽 we can state that the fracture 
properties will have no effect on the production if the matrix is much 
less permeable than the fracture, the fracture is short (low volume) 
and wide and the fracture spacing is large. 

 The case with 𝛼𝛽 ≪ 1 can be referred to as matrix-dominated. All 
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the fracture gas is instantly produced giving a minimum pressure in 
the fracture and uniform gas production from the matrix along the 
entire fracture. The case with 𝛼𝛽 ≈ 1 can be referred to as fracture-
dominated since the residence time in the fracture controls the rate of 
recovery. This scenario can be observed even when the fracture is 
many orders of magnitude more permeable than the matrix since the 
high-volume ratio 𝛽 typically compensates for the low time scale 
ratio 𝛼. 

 Shale gas production can be optimized by designing the fracture 
properties to be in the range 𝛼𝛽 < 10ିଶ such that there are no 
limiting effects from the fracture on production. Note in particular 
that if the fractures are placed closer (more frequent perforations) it 
is more likely that the fractures can become a limiting factor. 

 Non-Darcy flow shifts the flow regime towards fracture dominated. 
The non-Darcy effects are more pronounced in fracture than matrix 
and cause greater increase in fracture diffusion time than matrix 
diffusion time.  

 Theoretical and numerical results indicated that the model cases 
could be classified according to matrix-dominated for 𝜔 ≪ 1 (the 
matrix then limits the gas production) and fracture-dominated where 
𝜔 ≈ 1 (the fracture limits the gas production). 

 Non-Darcy flow in the matrix is significant when the flow regime is 
matrix dominated and non-Darcy flow in matrix significantly 
reduces matrix flow rate. When any of these conditions is not met, 
non-Darcy flow in the matrix is not relevant. This is mathematically 
equivalent to the dimensionless number 𝜔 ≪ 1 and 𝑓௥௘௙

௠ ≪ 1 as 
expressed in our model. 

 At sufficiently high fracture permeability (𝑘௙>100 mD for our base 
case), diffusion time in the fracture reduces. Recovery profiles then 
become very similar and unchanging with permeability both for 
Darcy and non-Darcy flow. The impact of non-Darcy flow in the 
matrix becomes more sensitive at high fracture permeability.   

 The magnitude of the 𝑓-factor helps to quantify the transition of 
Darcy flow to non-Darcy flow. At high non-Darcy flow constant 𝐶ఉ, 
non-Darcy effects in the matrix show greater sensitivity due to lower 
𝑓௥௘௙

௠  value and should be considered for evaluation of shale gas 
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production. 
 Because of the parameters appearing in 𝜔, we can conclude that 

matrix properties will control the production if 𝑓௥௘௙
௠  is low, matrix is 

much less permeable than fracture, the fracture volume is low and 
the fracture spacing is large.  

 
We have also investigated a new multicomponent isotherm for shale gas 
enhanced gas recovery by CO2 injection under static and dynamic 
conditions. The model is based on assuming a fixed specific surface area 
that directly determines the surface capacity rather than assuming that 
the surface can store a fixed maximum number of moles or has a fixed 
number of sites. The adsorption of different species then depends on how 
much many moles are adsorbed per area at full capacity and how much 
of the capacity (area) is covered by adsorbed species. The static 
conditions considered either fixed gas composition or fixed mass 
systems. The dynamic conditions considered cyclic gas production – 
CO2 injection. The effects on methane and carbon dioxide storage, gas 
recovery and enhanced gas recovery potential were investigated. 

 Under the assumption of ideal CO2 and CH4 gas phase behavior, our 
model indicates that injection of CO2 into a shale with unsaturated 
surface (remaining capacity) will lead to a net adsorption and 
reduction of the total pressure. The adsorption processes thus resist 
pressure buildup and mitigate CO2 injection. 

 When CO2 fully replaces CH4 on a fully saturated surface, the 
amount of moles able to be stored per area for CO2 vs CH4 will 
determine if a net number of moles are added or removed as 
determined by the ratio 𝑆௠,௖𝑛௖/𝑆௠,௠𝑛௠. For Marcellus shale that 
ratio was ~24 which means also in this case pressure will decline 
spontaneously by adsorption. 

 Key parameters determining recovery during pressure depletion are 
initial pressure and isotherm parameters (determining gas in place) 
and well pressure. At zero well pressure, full recovery can 
theoretically be obtained. 

 Enhanced gas recovery can be obtained by CO2 injection if the CO2 
is able to effectively mix with the methane in place. The mixture will 
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then dilute the methane and replace it with higher concentrations of 
CO2 in every cycle. The repressurization boosts the driving force. 
Hence, even without adsorption, there is an EGR effect of CO2. 

 Adsorption will improve the potential of CO2 EGR further since 
more adsorbed CH4 is released at same total pressure and since 
injection will go faster due to pressure reduction in the adsorption 
process. Diffusion of CO2 into the matrix is a key parameter 
determining the effectiveness of the EGR method. That will depend 
on matrix spatial dimension, diffusion time, matrix tortuosity and 
permeability. If diffusion is strongly limited, there is little benefit of 
regular pressure depletion.  

 
The key takeaways from review of experimental sorption studies of CO2 
and CH4 in shales are:  

 Both CH4 and CO2 exist in critical thermodynamical state for most 
relevant reservoir conditions. CH4 sorption increases monotonously 
with pressure from pressures near ambient to reservoir and can in 
most cases be described by a Langmuir isotherm. CO2 however 
changes sorption behavior at the critical pressure. At lower pressures, 
the sorption increases monotonously, while near the critical pressure 
a peak in adsorption is reached and desorption occurs with increased 
pressure. This is not captured in low pressure experiments and 
standard isotherm models, e.g. multicomponent Langmuir models, 
are not sufficient. Extended isotherms or PVT-relations that treat 
both the gas and sorbed phases accurately should be applied. 

 CH4 and CO2 adsorption storage capacity have a strong positive 
correlation with Total Organic Carbon, where a greater capacity is 
measured for CO2. 

 More mature shales tend to have higher storage capacity, but also 
lower Langmuir pressure indicating that the gas desorbs less easily 
on pressure reduction. 

 Kerogen type also influences storage capacity of CH4 with capacity 
trend as Type III > Type II > Type I. More experimental data is 
suggested to fully support this trend. Especially, there seems to be 



Conclusions and future work 

125 

little or no data on the correlation between CO2 storage capacity and 
kerogen type. 

 Clays can increase the storage capacity for gas adsorption, but they 
strongly associate with water. Measurements on dry samples are 
therefore likely to yield higher capacity than original state or 
moisture equilibrated samples. 

 Adsorption is an exothermic process and the heat of adsorption for 
CO2 is greater than for CH4 in shales. CO2 is therefore more 
favorably adsorbed. Increased temperature opposes the adsorption 
reaction and explains observed trends; both gases adsorb less at 
higher temperature. 

5.2 Future Work 

This study opens the scope for a detailed future work. The current model 
creates a base which can easily incorporate non-linear flow mechanisms, 
geo-mechanical effects and other complex flow mechanisms that are not 
readily found in standard commercial software, and further be extended 
to field scale application.  

Some of the planned works and ongoing activities (in terms of 
master/bachelor thesis and/or paper publications) include:  

a) Developing analytical solution for production of shale gas in a 
fracture-matrix geometry. In line with previous work, the system 
behaves either as fracture or matrix dominated in terms of what 
limits production rate. Simplified versions of the solution can be 
derived for cases where either time scale becomes dominating. 
Shale gas production represents a complex system which can 
benefit from comparison with analytical solutions. 

b) Investigating the influence of adsorption layer thickness and 
compressibility of shale matrix on ultimate recovery both 
with/without CO2 injection for enhanced recovery.   
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c) Extending the proposed adsorption model to fracture-matrix 
settings for CO2 enhanced shale gas recovery along with 
hysteretic compaction.  

d) Study and incorporate the role of proppants and its influence on 
fracture-matrix interactions and gas production.  

e) Upscaling of the model to multi-scale fractures for real field 
applications. 
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Appendix 

A) Initial and Current Gas in Place and Recovery 
Factor – for Darcy and Non-Darcy Flow Model 

The gas currently in place (GCIP) is given by the addition of the mass of 
gas adsorbed in the matrix (𝑀ଵ), free gas in the fracture (𝑀ଶ) and free 
gas in the matrix (𝑀ଷ). These masses are calculated over both sides of 
the fracture.  

(88)  𝐺𝐶𝐼𝑃 = 𝑀ଵ + 𝑀ଶ + 𝑀ଷ 

(89)  

𝐺𝐶𝐼𝑃 = 2ℎ ෍ ෍(1 − 𝜙௠)𝑎௚ ቀ𝑝௚൫𝑥௜ , 𝑦௝൯ቁ ∆𝑥∆𝑦

௡೤

௝ୀଵ

௡ೣ

௜ୀଵ

+ 𝜙௙𝜌௚௦𝑏௚
ᇱ ℎ ෍ 𝑝௚൫𝑦௝൯2𝑏൫𝑦௝൯∆𝑦

௡೤

௝ୀଵ

+ 2𝜙௠𝜌௚௦𝑏௚
ᇱ ℎ ෍ 𝑝௚൫𝑥௜, 𝑦௝൯∆𝑥∆𝑦

௡೤

௝ୀଵ

. 

The gas originally in place (GOIP) can be evaluated by using gas 
currently in place at initial reservoir pressure 𝑝௜௡௜௧: 

(90)  𝐺𝑂𝐼𝑃 = 𝐺𝐶𝐼𝑃(𝑝௜௡௜௧) 

The recovery factor 𝑅𝐹 is then evaluated as: 

(91)  𝑅𝐹 = 1 −
𝐺𝐶𝐼𝑃

𝐺𝑂𝐼𝑃
= 1 −

𝐺𝐶𝐼𝑃

𝐺𝐶𝐼𝑃(𝑝௜௡௜௧)
. 

The obtainable recovery is defined by: 

(92)  𝑅𝐹௢௕ =
𝑅𝐹

𝑅𝐹ஶ
=

𝐺𝐶𝐼𝑃(𝑝௜௡௜௧) − 𝐺𝐶𝐼𝑃

𝐺𝐶𝐼𝑃(𝑝௜௡௜௧) − 𝐺𝐶𝐼𝑃(𝑝௪௘௟௟)
. 

Scaled total mass in the matrix and fracture is mathematically defined as: 

(93)  𝑀் =
𝐺𝐶𝐼𝑃

𝐺𝑂𝐼𝑃(𝑝௜௡௜௧)
=

𝑀1 + 𝑀3

𝑀1(𝑃௜௡௜௧) + 𝑀3(𝑃௜௡௜௧)
+

𝑀2

𝑀2(𝑃௜௡௜௧)
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B) Langmuir isotherm vs proposed adsorption 
isotherm 

To compare the proposed adsorption model with the Langmuir isotherm, 
we assume a single component (CH4) system. By substituting (15)-(16) 
into (17) and using 𝑃௖ = 0 and 𝑀௪,௠ = 𝑆௠,௠ = 𝐴 = 1, we get the CH4 

adsorbed mass per volume 𝑊௠ as: 

(94)  𝑊௠ =  𝑛௠

𝑃௠
௡೘

𝐾௠ + 𝑃௠
௡೘  

 

The above expression takes the form of the Langmuir isotherm when 
𝑛௠ = 1, where 𝐾௠ then represents Langmuir pressure. Thus, the 
Langmuir isotherm is a special case of the proposed adsorption isotherm 
with monolayer adsorption.  

Plotting 𝑊௠/𝑛௠ (to normalize to a max adsorption of unity) against 𝑃௠ 
gives direct comparison between the two isotherms at different values of 
𝑛௠, as shown in Figure 47 for two values of 𝐾௠. All the curves will pass 
through the same point at 𝑃௠ = 1 defined by: 

(1)  ൤
𝑊௠

𝑛௠
൨

௉೘ୀଵ

=
1

𝐾௠ + 1
 

As seen, the proposed model can capture more trends and shapes of 
adsorption experiment data than the Langmuir isotherm.   

 

Figure 47 Adsorption content of CH4 (𝑾𝒎/𝒏𝒎) as function of CH4 partial pressure for 
𝑲𝒎 = 𝟎. 𝟐 (left) and 𝑲𝒎 = 𝟐 (right) at different values of 𝒏𝒎. 
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